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A B S T R A C T   

Small pore sizes influence the mass transport in gas enhanced oil recovery (EOR) in tight formations through 
complex phenomena such as diffusion and sorption. However, conventional simulators use relatively simple 
models for diffusion and sorption that do not properly represent non-ideal fluid interactions at high pressures. 
This paper presents a novel implementation of coupled diffusion and convection for multicomponent transport 
via the sorbed and bulk regions in tight porous media. Case studies highlight the important implication of 
convection in diffusion-dominant compositional transport in tight porous media. 

The simulator uses multicomponent diffusion based on the dusty-gas model (DGM), which uses the fugacity 
gradient as the driving force. The adsorption model used is an approximate solution based on the Multicom-
ponent Potential Theory of Adsorption (MPTA) using the sorbed and central regions. The capillary pressure is 
included both in the flow equations and the flash calculations by minimizing the Helmholtz free energy using the 
Peng-Robinson equation of state at a fixed temperature, pore volume, and overall composition. 

A case study presents CO2 injection into a 1-D tight porous medium with a ternary mixture of methane, n- 
butane, and n-decane as the initial oil. Before CO2 injection, n-decane is most attracted to the pore wall and 
contained at a high concentration in the sorbed region. During CO2 injection, CO2 displaces n-decane from the 
pore wall, causing the counter-current transport of CO2 and n-decane. 

Simulation results show that the mixing of reservoir oil with CO2 in small pores results in local pressure 
changes, which tend to drive both diffusion and convection. In all cases, convection enhances multicomponent 
transport by dissipating these pressure changes. When CO2 is strongly attracted to the pore walls, a large pressure 
change on mixing accelerates the CO2 diffusion into the reservoir through the sorbed region and also the counter- 
current transport of oil components through the central region.   

1. Introduction 

Although tight formations tend to result in inefficient oil recovery, 
they contributed more than 50% of domestic oil production in 2021 
(Energy Information Administration, 2022; Clark, 2009; Lund, 2014). 
Efforts in CO2 emission reduction in the energy industry caused renewed 
global interest in technologies to improve tight oil recovery without 
having to drill new wells; in particular, CO2 injection can be a measure 
of carbon utilization and sequestration. 

However, interactions between the reservoir fluids and walls of small 
pores in tight reservoirs cause various deviations from the theory of gas 
injection established for conventional reservoirs. In particular, these 
interactions affect phase behavior through capillary pressure, the rela-
tive importance of diffusion to convection, and sorption. This paper is 

part of an ongoing project of developing the Tight Reservoir Simulator 
“TigReS” that can properly account for all these phenomena (Achour 
and Okuno, 2020, 2021, 2022, 2023). 

The most commonly used models for diffusion in tight reservoirs are 
Fick’s law (Akkutlu and Fathi, 2012; Cronin et al., 2019, 2021; Yanze 
and Clemens, 2012) and Maxwell Stefan (Hoteit, 2013; Shojaei and 
Jessen, 2014; Mohebbinia and Wong, 2017). Achour and Okuno (2022) 
showed that Fick’s law neglects the impact of non-ideal mixing as its 
fundamental assumption, and Maxwell-Stefan models can result in 
inconsistent pressure change owing to non-ideal mixing of injected 
solvents with reservoir fluid. Then, they used the dusty-gas model 
(DGM), a modified version of the Maxwell-Stefan model that includes 
Knudsen diffusion. Achour and Okuno (2022) presented a detailed 
analysis of multicomponent diffusion predicted by their model in a 1-D 
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reservoir model. Also, the DGM has been used to study solvent injection 
theory (Ma and Emami-Meybodi, 2022) and simulate enhanced oil re-
covery in a reservoir simulator (Olorode et al., 2021). 

Sorption is the interaction between fluid molecules and the pore 
walls that causes a composition and density distribution across the pore. 
The excess sorbed amount is the additional number of moles near the 
pore wall due to sorption. Sorption has been studied for shale gas or 
coalbed methane reservoirs. For tight/shale oil reservoirs, it has been 
shown to cause light and heavy components to segregate between the 
central and near-wall regions of a pore (Baek and Akkutlu, 2019; Achour 
and Okuno, 2023). However, the impact of such compositional segre-
gation on the transport mechanisms is not entirely clear yet; Baek and 
Akkutlu (2019) conducted equilibrium molecular dynamics simulations 
without transport, whereas Achour and Okuno (2023) neglected any 
impact of convection. 

The Multicomponent Langmuir model is the most commonly used 
model for sorption; however, it predicts the excess amount with a 
monotonically increasing function of pressure (Butt et al., 2003), which 
Achour and Okuno (2023) described as a fundamental failure of the 
Multicomponent Langmuir. They then used an approximation of the 
Multicomponent Potential Theory of Adsorption (MPTA) originally 
developed by Shapiro and Stenby (1998). The traditional MPTA method 
solves for the composition and density distributions that yield a gradient 
in chemical potential for each component across a pore discretized into 
many regions from the pore wall to the pore center. The approximation 
of Achour and Okuno (2023) discretized the pore volume into two 
concentric regions labeled as the central and sorbed regions, for their 
flow simulator to efficiently compute the diffusive flux in both regions 
using the DGM. Results showed that sorption plays an important role in 
multicomponent diffusion because it enhanced countercurrent transport 
of species by allowing for compositional segregation in the two regions 
depending on the affinities of species for the pore wall. 

Two main questions remain unanswered. Firstly, methane and CO2 
have different phase behavior and interactions with pore walls. There-
fore, it is not clear whether the previous analysis on methane injection 
applies when CO2 is used as a solvent. Secondly, convection was 
neglected in Achour and Okuno (2023) even though their results showed 
that the mixing of the reservoir oil with the injected solvent altered local 
pressures in the reservoir model. This paper aims to address these 
questions as part of the investigation. 

The overall objective of this paper is to analyze the effect of sorption 
on compositional transport during CO2 injection into tight porous 
media. The in-house simulator used in this paper accounts for sorption 
using the approximated MPTA method (Achour and Okuno, 2023) in 
each discretized pore consisting of two regions with their fixed volumes. 
It computes the equilibrium across the pore by iteratively changing the 
number of moles in each region to minimize the Helmholtz free energy. 
The flash calculations assume a fixed volume, temperature, and number 
of moles, and include the effect of capillary pressure (Achour and 
Okuno, 2021). The simulator computes thermodynamic fluid properties 
and diffusion coefficients using the Peng-Robinson equation of state 
(PREOS) (Robinson and Peng, 1978) in both regions and the DGM 
(Achour and Okuno, 2022). The simulator computes the multiphase 
Darcy convective flow using the LBC model (Lohrenz et al., 1964) for 
viscosity and STONE2 (Ertekin et al., 2001) for relative permeability. 
The main novelty of this paper lies in the implementation of coupled 
diffusion and convection for multicomponent transport via the sorbed 
and central regions in tight porous media. Achour and Okuno (2023) 
presented the application of the dusty gas model for diffusion with no 
convection; however, this paper shows the impact of convection on 
compositional transport in tight porous media, which is particularly 
important for CO2 injection as will be shown in the case studies. 

The simulation cases in this paper focus on shales because of the 
availability of relevant experimental data. However, tight sandstone and 
carbonate reservoirs are not excluded from the discussion presented in 
this paper because their small pores have a greater surface-area-to- 

volume ratio, which determines the impact of sorption on phase 
behavior and transport. 

2. Methods 

This section presents the formulation for solving the flow and mass 
transfer equations across a 1-D tight porous medium in our in-house 
Tight Reservoir Simulator or TigReS. This simulator accounts for the 
interactions between the fluid molecules and the pore walls by splitting 
pores into concentric regions of different compositions and densities. 
The equilibrium properties of each region are calculated using the MPTA 
approximation (Achour and Okuno, 2023), which is briefly described in 
the first part. The second part of this section presents specific details of 
how TigReS computes the compositional transport. 

2.1. Equilibrium calculation 

The traditional MPTA method was originally formulated by Shapiro 
and Stenby (1998) for calculating the composition and density profiles 
across a pore discretized with many discrete regions between the pore 
wall and the pore center. The approximation used in TigReS (Achour 
and Okuno, 2023) consists of only 2 discrete regions that model the 
pore, namely, the central (C) and sorbed regions (S). The calculation 
solves the Nc equations 

ln fi,S −
εi,S

RT
= ln fi,C, (1)  

where i = 1,…,Nc for Nc components subject to four constraints as 
described below. R, T, fi,C,fi,S, and εi,S are the universal gas constant, the 
temperature, the fugacities for component i in the central and sorbed 
regions, and the wall potential for component i. 

The first two constraints are the mole balance 

ni = ni,C + ni,S, (2)  

where i = 1,…,Nc and volume balance 

V =VC + VS (3)  

where ni, V, ni,r and Vr are the total number of moles of component i, the 
total pore volume, the number of moles of component i in region r, and 
the volume of region r. The remaining constraints enforce a minimum 
number of moles, 

ni,r > 0, (4)  

where i = 1,..., NC and r = 1,..., Nr, and a minimum molar volume, 

∑Nc

i=1
ni,rbi <Vr,where r = 1,…,Nr. (5)  

In the above, bi is the co-volume parameter for the cubic equation of 
state assuming van der Waals’ mixing rules. 

The case studies presented in this paper use the Dubinin- 
Radushkevich-Astakhov (DRA) (Dubinin, 1985) wall potential model 

εi(z) = εi,0

(

ln
(

z0

z

))1/β

,

where i = 1,…,Nc, εi,0 and β are component specific and general cali-
bration parameters, respectively, and z0 and z are the total measured 
pore volume per unit mass of rock and the total volume per unit mass of 
rock between a point in the pore and the pore wall such that z ∈ [0,z0]. 
The wall potential for component i of the sorbed region occupying a pore 
volume fraction of SS = VS/V is calculated using the integral average 
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εiS =
1

SSz0

∫SSz0

0

εi(z)dz,

where i = 1,…,Nc. More detailed explanations of the algorithm and 
formulation are given by Achour and Okuno (2022). 

The volume fractions of both regions in this 2-region approximated 
MPTA method are adjusted to best approximate the 100-region version. 
First, the 100 region MPTA method is computed at the reservoir pressure 
and temperature at a set of uniformly distributed points in composition 
space. At each composition, the pore is split into two pseudo-regions 
such that the one adjacent to the pore wall contains 80% of the excess 
moles per mass of solid rock defined as 

nex

ms
=

∫z2

z1

ρ − ρ0dz (6)  

for a pseudo-region extending from z1 to z2. 

2.2. Flow simulation 

This section describes the models used to compute the viscous part of 
compositional flow for the central region. The specific methods to 
compute the diffusive part based on the DGM (Achour and Okuno, 2022) 
in the central and sorbed regions are explained in detail in Achour and 
Okuno (2023). 

TigReS computes the flow at each time step by solving the mole 
balance equations below using a partially implicit method, where the 
fugacities and mole numbers are treated implicitly: 

nt+1 − nt − Rt
Cf t+1

C − αCTt
CoPt+1

Co − αCTt
CgPt+1

Cg − Rt
Sf t+1

S − Qt = 0. (7)  

In equation (7), nt, f t+1
C , f t+1

S , Pt+1
Co , and Pt+1

Cg are the vectors containing 
the number of moles, central region fugacity, sorbed region fugacity for 
each component in each grid block, and the vectors of oil pressure in the 
central region, gas pressure in the central region and the pressure in the 
sorbed region. Rt

C, Rt
S, Tt

Co, and Tt
Cg are the transmissibility matrices for 

the diffusion in the central and sorbed regions, and for the viscous 
displacement for the oil and gas phases in the central region. The su-
perscript t is the time step index at which the variable is evaluated in the 
solution of equation (7). The Newton iteration to solve this equation is 
then 

nt+1
k+1 =nt+1

k − gk

/(
∂g

∂nt+1

)

k
, (8)  

where the subscript k is the Newton iteration index, g is the vector 
evaluated using the left-hand-side of equation (7), and ∂g

∂nt+1 is the Jaco-
bian of g; that is, 

∂g
∂nt+1 = I − Rt

C
∂f t+1

C

∂nt+1 − αCTt
Co

∂Pt+1
Co

∂nt+1 − αCTt
Cg

∂Pt+1
Cg

∂nt+1 − Rt
S
∂f t+1

S

∂nt+1 . (9) 

The STONE2 model computes the relative permeability (Ertekin 
et al., 2001) and the LBC (Lohrenz et al., 1964) model computes phase 
viscosities. In Equation (8), t is the time step index, n is the vector 
containing the total number of moles in each grid block for each 
component, f is the vector containing the fugacities of each component 
in each grid block, R is the transmissibility matrix containing DGM 
diffusion coefficients, and Q is the vector containing the boundary 
condition information as described by Achour and Okuno (2022). The 
subscripts C and S represent the central and sorbed regions, respectively. 

αC is the central region relative flow coefficient, which accounts for 
the proximity of each region to the pore wall and the shear stress on the 
fluid region. αC is derived by assuming that both regions flow in 
concentric regions in a tube with the same viscosity. This is a simplifying 

assumption since the MPTA model predicts that regions have different 
compositions. The velocity profile as a function of radius v(r) is then 
(Bird et al., 2001) 

v(r)=
P0 − PL

4μL
(
R2 − r2), (10)  

where P0, PL, μ, L, R, and r are the pressure at the upstream and 
downstream of the tube, viscosity of the fluid, length of the tube, tube 
radius, and distance from the center of the tube. The flow rate through 
the central region for the radius extending from 0 to RC is then the areal 
integral of the velocity profile 

QC = π P0 − PL

8μL
R2

C

(
2R2 − R2

C

)
. (11) 

The total flow rate of both regions is the areal integral from 0 to R. 

QT = π P0 − PL

8μL
R4. (12)  

The central region relative flow coefficient is then the ratio of QC to QT; 
that is, 

αC = 1 − S2
S, (13)  

where SS is the sorbed region volume fraction. 
In this paper, the viscous flow in the sorbed region is neglected as a 

simplifying assumption. In a single-phase flow simulation, it may be 
simply modeled by adding the term − (1 − αC)Tt

SPt+1
C . However, in the 

presence of multiple phases, it is not clear whether Pt+1
Cg , Pt+1

Co , or a 
combination of both should be used. Moreover, the relative flow coef-
ficient in the sorbed region (1 − αC) = S2

S reduces the magnitude of the 
convection in the sorbed region in favor of that in the central region. 

In this paper all flow simulations use a simplified stencil to represent 
the flow geometry in a hydraulically fractured reservoir (Achour and 
Okuno, 2022). This stencil represents the volume between a hydraulic 
fracture (x = 0) and the fracture spacing half-length (x = L). The fracture 
spacing half-length is modeled using a no-flow boundary condition, and 
the hydraulic fracture is modeled by a constant pressure and composi-
tion boundary condition during injection and constant pressure with 
upwinded composition during production cycles. During production 
cycles, upwinding means that the composition in the fracture is set to be 
equal to that of the central region of the grid block adjacent to it at the 
previous time-step. Michelsen’s (1982 ab) flash calculation at fixed 
pressure and temperature is carried out without capillary pressure to 
compute the phase behavior of the oil and gas mixture in the fracture. 

It would be interesting to use this model to compare the effectiveness 
of continuous injection with cyclic injection. The reservoir model 
described above is designed to model a continuous injection scheme. To 
model cyclic injection would require a boundary pressure greater than 
the reservoir pressure during injection cycles and a pressure smaller 
than the reservoir pressure during production cycles. We found that the 
resulting pressure gradients caused numerical stability issues, which 
may require developing a fully implicit version of the simulator. 

The models implemented in the flow simulator have been indepen-
dently validated against experimental data. The capillary pressure is 
computed using the experimentally measured average pore size and the 
Parachor correlation extensively studied and validated by Schechter and 
Guo (1998). The current implementation of the DGM model for diffusion 
in tight porous media has been validated by Achour and Okuno (2022). 
The sorption model was validated against experimental measurements 
for pure CO2 on a tight reservoir rock by Tovar et al. (2017) and 
extrapolated to other components using the correlations presented in 
Appendix A. The model for the impact of capillary pressure on phase 
behavior is derived from the first and second laws of thermodynamics 
(Achour and Okuno, 2020, 2021). The PR EOS has been widely used to 
model mixtures of hydrocarbons and CO2 (Kumar and Okuno, 2016). 
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3. Case studies 

This section presents case studies of the injection of CO2 and methane 
in a Wolfcamp shale. Case 1 focuses on how the injection gas interacts 
with the in-situ oil and the pore walls without considering transport. 
This knowledge is the basis for analyzing the flow simulations in Case 2. 
Case 2 presents the continuous gas injection (CO2 or methane) into a 1-D 
reservoir segment representing the volume between a hydraulic fracture 
and the half distance between two hydraulic fractures in a Wolfcamp 
shale. 

Cases 1 and 2 use the initial reservoir oil represented by a ternary 
mixture of 30% methane, 30% n-butane, and 40% n-decane. Tables 1 
and 2 present the EOS parameters and binary interaction parameters 
used to compute the phase behavior of mixtures. Table 1 also shows the 
Parachor coefficients used to compute the interfacial tension with a 
Parachor exponent of 3.88 (Schechter and Guo, 1998). 

3.1. Case 1 

This case study presents the simulated sorption for mixtures of the 
injected gas (CO2 or methane) with the reservoir oil as calculated by the 
approximated MPTA method. First, two wall potential models are cali-
brated to represent the interactions between the fluid and the pore wall. 
Then, the segregation of the components between the central and sorbed 
regions is discussed. 

Fig. 1 shows the optimal fit of the experimentally measured nex

ms 
for 

CO2 sorption for the Wolfcamp shale sample 1 as reported by Tovar et al. 
(2017). The bold line represents the number of excess moles per mass of 
rock computed using equation (6) for the entire pore (i.e., z1← 0 and 
z2←z0). The density distribution across the pore ρ(z) is calculated using 
the MPTA method with 100 regions. The DRA parameters are ε0/ R =

15 K and β = 0.35 for the optimal fit. The measured pore volume per 
mass of rock is z0 = 43.16 mm3/g and the pore radius is 7 nm (Tovar 
et al., 2021). 

Appendix A derives the ε0 correlations for n-alkanes and the ratio of 
the CO2 potential parameter (ε0,CO2) to that of methane (ε0,C1) based on 
experimental data with multiple shale rocks. We estimate the methane 
wall potential parameter ε0,C1 based on a conservative estimate of 1.4 for 
the ratio ε0,CO2/ε0,C1. With this ratio, the wall potential parameter ε0,CO2 

is identical to that of ethane ε0,C2 as given by equation (A3) and in the 
lower quartile of the range of possible values in Table A1. Table 3 shows 
the values for the DRA parameters calculated for CO2, methane, n- 
butane, and n-decane based on the ε0,CO2/ε0,C1 ratio of 1.4 and equation 
(A3) in the row labeled as WC1. The bottom row gives another set of 
parameters labeled as WC2, where the ratio ε0,CO2/ε0,C1 is set to 2.8 with 
all other parameters identical to those for WC1. WC2 represents the 
upper quartile of the range as a higher estimate of the wall potential, 
where the attractive interactions between CO2 and the pore walls are 
stronger. 

Fig. 2 shows the composition profile for a Wolfcamp shale containing 
the initial oil mixture. The compositions of the sorbed and central re-
gions are shown by the straight lines extending from the pore wall (z/
z0 = 0) to z/z0 = 0.42 and from z/z0 = 0.42 to the center of the pores 
(z/z0 = 1). The heaviest component, n-decane, is more attracted to the 

pore wall and shows a greater concentration in the sorbed region while 
the lightest component has the weakest attraction to the pore wall and 
shows a greater concentration in the central region. The intermediate 
component, n-butane, shows a slight preference for the sorbed region. 

To analyze the segregation of components between the two regions, 
we define a segregation coefficient for each component S i = xiC/xiS (i =

Table 1 
EOS, interfacial tension, and DRA potential parameters for the components for 
the case study. ACF stands for acentric factor, VC for critical volume, and MW for 
molecular weight.   

z Pc Tc ACF Parachor Vc MW  

mol% bar K   cc/mol g/mol 

CO2 0 73.82 304.21 0.225 82 92.790 44.01 
CH4 30 46.03 190.58 0.0104 74.05 97.959 16.04 
C4H10 30 37.96 425.18 0.201 193.9 251.55 58.12 
C10H22 40 21.07 617.65 0.49 440.69 595.25 142.29  

Table 2 
Binary interaction parameters for the components for the case study.   

CO2 CH4 C4H10 C10H22 

CO2 0 0.1 0.1257 0.0942 
CH4 0.1 0 0.027 0.042 
C4H10 0.1257 0.027 0 0.008 
C10H22 0.0942 0.042 0.008 0  

Fig. 1. Calibration of the sorption isotherm for CO2 for sample 1 Wolfcamp 
shale using the data of Tovar et al. (2017) at 347 K (365 ◦F). The experimental 
data are hollow circles, and the MPTA calculation is the bold line. Copyright 
2023, Society of Petroleum Engineers Inc. Reproduced with permission of SPE. 
Further reproduction prohibited without permission. 

Table 3 
DRA potential parameters for fluid simulated in case 2.  

Variable Unit CO2 CH4 C4H10 C10H22 

εWC1/R K 15 10 24 51 
εWC2/R K 30 10 24 51  

Fig. 2. Oil composition profiles across a Wolfcamp shale pore. The oil contains 
30% C1, 30% nC4, and 40% nC10. The temperature is 347 K and the pressure is 
110 bar. The composition of the sorbed region is shown using straight lines 
from the pore wall (z/z0 = 0) to z/z0 = 0.42, and the composition of the 
central region is shown using straight lines from z/z0 = 0.42 to z/z0 = 1. Both 
regions display a single liquid phase. 
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1,…,Nc), in which xiC and xiS are the overall mole fractions of compo-
nent i in the central and sorbed regions, respectively. The segregation 
coefficients based on Fig. 2 are then 1.179 for methane, 0.9603 for n- 
butane, and 0.9132 for n-decane. 

Fig. 3abc show the compositions in the central and sorbed regions for 
oil/CO2 mixtures in a quaternary diagram with WC1 and WC2, and oil/ 
methane mixtures in a ternary diagram. The bold line shows the 
composition in the central region and the dashed line shows the 
composition in the sorbed region. Thin black dashed lines connect the 
central- and sorbed-region compositions at 25%, 50%, and 75% injec-
tant (i.e., CO2 or methane). Those lines connect equilibrium composi-
tions in the two regions and are referred to as “sorption tie-lines” in this 
analysis. Black lines indicate that the region is in a liquid state, blue lines 
indicate that the region is in a 2-phase envelope, and a red line indicates 

that the region forms 100% vapor at equilibrium. 
Fig. 3a shows very little segregation of the components between the 

central and sorbed regions between 0% and 25%. At the 50% CO2 
sorption tie-line, however, the central region is in the two-phase zone 
and the sorption tie-line appears slightly tilted because the central re-
gion contains a greater amount of CO2 than the sorbed region. This CO2 
segregation occurs because CO2 tends to be in the vapor phase than in 
the liquid phase in either region. However, this only occurs with the 
WC1 model. 

Fig. 3b shows that when WC2 is used to model the interaction with 
the pore walls, the trajectories of the sorbed- and central-region com-
positions are significantly different from those with WC1 (Fig. 3a). As 
more CO2 is added to the mixture, the central- and sorbed-region lines 
rotate mainly because CO2 transfers from the central to the sorbed re-
gion, and nC10 transfers from the sorbed region to the central region. The 
sorption tie-lines clearly show the increased concentration of CO2 in the 
sorbed region. The sorption tie-line does not tilt when the central region 
crosses the phase envelope as opposed to WC1 in Fig. 3a. Because of the 
CO2 segregation into the sorbed region, it takes more CO2 for the central 
region to cross the phase envelope. On the 50% CO2 sorption line, the 
central region remains liquid with WC2 whereas it is in the two-phase 
region with WC1. 

Fig. 3c shows that when using C1 as the injectant, both the central 
and sorbed regions evaporate when enough methane is injected. Also, 
the sorption tie-lines show that the pore fluid shows strong segregation 
of methane into the central region and n-butane and n-decane into the 
sorbed region. This strong segregation is caused by the existence of a 
vapor phase even with a small amount of methane. 

In summary, Fig. 3abc show that three different types of the sorption 
tie-lines occur for three different levels of affinity of the injectant for the 
pore wall. CO2 is neutral with WC1; CO2 prefers the sorbed region with 
WC2; and methane prefers the central sorbed region. These three levels 
of affinity will be shown to yield different results of the transport 
simulation in case 2. 

Fig. 4 shows S and vapor-phase saturation (SV) as a function of the 
mole fraction of CO2 (Fig. 4ab) or methane (Fig. 4c) at 110 bar and 347 
K. The black bold line, red dashed line, blue dotted line, and green dash- 
dotted line represent the S values for CO2, C1, C4, and C10, respectively, 
on the primary y-axis. The thin black dashed and dotted lines represent 
SV in the central region (SCV) and in the sorbed region (SSV) on the 
secondary y-axis. The wall potential model is WC1 for Fig. 3a and WC2 
for Fig. 4b. Fig. 4c does not contain CO2; therefore, there is no difference 
between using WC1 and WC2. The relationship between S and the mole 
fraction of the injection gas is referred to as “Sx diagram.” 

In each Sx diagram, a thin horizontal black line represents the 
neutral segregation, where a component exists at equal mole fractions in 
both regions. Component i preferentially resides in the central region if 
S i > 1.0 (e.g., methane in Fig. 2). Otherwise, it preferentially resides in 
the sorbed region (n-butane and n-decane in Fig. 2). 

Fig. 4ab indicate that the wall potential parameter has a strong in-
fluence on the segregation of not only CO2, but also the other species 
present in the oil mixture. CO2 shows a strong affinity for the pore wall 
and displaces n-butane and n-decane from the sorbed region in Fig. 4b. 
In particular, n-decane is the most strongly affected component because 
S C10 becomes even greater than those of the other components within a 
range of CO2 mole fractions. Fig. 4b shows the appearance of the gas 
phase when the mixture contains more than 67% CO2. This is because 
CO2 tends to reside in the sorbed region with the WC2 wall potential 
model. This will be shown to be the mechanism for a significant increase 
in the n-decane production rate when CO2 is injected with the WC2 wall 
potential model. 

Fig. 4ac show that methane and CO2 as the injection component 
result in qualitatively similar Sx diagrams with the WC1 wall potential 
model. The injection component shows a preference for the central re-
gion at all mole fractions with a maximum at the dew point, while n- 
butane and n-decane display the opposite trend. A greater level of 

Fig. 3. Compositions in the central and sorbed resions for oil/CO2 mixtures in a 
quaternary diagram with (a) WC1 and (b) WC2, and (c) oil/methane mixtures 
in a ternary diagram. The bold line shows the composition in the central region 
and the dashed line shows the composition in the sorbed region. Thin black 
dashed lines connect the central- and sorbed-region compositions at 25%, 50%, 
and 75% injectant (CO2 or methane). Black lines indicate a liquid state and blue 
lines indicate a 2-phase state. Ternary and quaternary diagrams were con-
structed using the python-ternary (Harper et al., 2019) and python-quaternary 
(Achour, 2023) libraries, respectively. 
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compositional segregation is observed with methane (Fig. 4c) than with 
CO2 (Fig. 4a) with the WC1 wall potential model. Methane as the in-
jection component causes the vapor phase to appear with a smaller 
concentration than CO2 does with the WC2 wall potential model 
(Fig. 4ab). Fig. 4ac quantitatively show that C1 displays a stronger 
preference for the liquid phase in the central region than CO2 with WC1. 

The impact of mixing between the injected component and the 
reservoir oil is investigated in more detail. We specifically investigate 
the apparent pressure of the sorbed region, PS, based on the PR EOS, 
composition, and density because they fundamentally influence the 
mass transfer calculated in the simulation. PS is the apparent pressure 
that represents the molar density in the sorbed region via the PR EOS 
and should not be taken as pressure of the fluid near the pore wall. 

Fig. 5 presents PS as a function of the mole fraction of the injection 
component for CO2 with WC1 and WC2 and C1 at 110 bar. With C1 as the 
injected component, the sorbed region starts evaporating at 60% C1. 
Fig. 5 uses black bold lines and dashed red lines to represent the vapor 
and liquid phases, respectively. With CO2 as the injection component, 

the sorbed region does not display a phase transition, which is why it is 
shown as a liquid phase with a red dashed line. 

With WC2, PS monotonically increases with CO2 mole fraction. That 
is, the stronger interactions between the pore walls and CO2 cause CO2 
to accumulate in the sorbed region and, therefore, increase in density 
and PS. 

With WC1, PS is nearly constant up to the mole fraction of 0.73 for 
CO2 and 0.61 for C1. These concentrations correspond to the dew point 
in the central region. With the mole fractions above the dew point, the 
oil/CO2 mixture displays a single vapor phase with a clear decrease in 
the apparent sorbed-region pressure PS with increasing CO2 mole frac-
tion. That is, the additional moles added to the system display a pref-
erence towards the vapor phase rather than the pore wall with the 
weaker interactions. The main difference between C1 and CO2 is that the 
sorbed region does not evaporate when using CO2. At 61% added 
methane, a vapor phase appears in the sorbed region and PS becomes 
nearly constant with the addition of C1. 

3.2. Case 2 

This case study presents simulation results for continuous CO2 and 
methane injection into a tight porous medium. It highlights the impor-
tance of properly characterizing interactions of CO2 with the pore walls 
relative to n-alkanes. Simulations compute either diffusion/convection 
or diffusion only for the central region, and only diffusion in the sorbed 
region. The WC1 model represents the relatively weak interaction of 
CO2 with the pore wall, and the WC2 model represents the strong CO2 
interaction with the pore wall. The initial reservoir oil composition, 
solvent composition, EOS model, and wall potential parameters are the 
same as those in case 1. 

Fig. 6 represents the model used to simulate the CO2 and methane 
injection into a hydraulically fractured tight reservoir. The 1-dimen-
sional stencil represents the volume between a hydraulic fracture and 
the halfway distance between two fractures. The hydraulic fracture is 
modeled as a constant composition and pressure boundary condition on 
the left edge of the 1-D stencil. The halfway distance between two 
fractures is modeled as a no flow/mass transfer boundary on the right 

Fig. 4. Segregation coefficient S = xC/xS on the primary y-axis and the vapor phase saturation SV on the secondary y-axis for oil/solvent mixtures as a function of 
solvent mole fraction. 

Fig. 5. Apparent sorbed region pressure PS for oil/solvent mixtures with 
methane and CO2 as a solvent. The liquid and vapor pressure are shown with a 
red dashed line and a dark bold line. In this plot, the liquid pressure of the 
central region is fixed at 110 bar. 
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edge. 
Table 4 presents the numerical parameters used in this simulation, 

including petrophysical parameters of the Wolfcamp shale sample 1 as 
reported by Tovar et al. (2017, 2021). The tortuosity was calculated 
using the Carman-Kozeny relationship (Peters, 2012a) τ = φr2

H/ 2k, 
where φ, k, and rH are porosity, permeability, and hydraulic radius 
approximated as the average pore radius r. The simulated 1-D reservoir 
volume is 9 m3 and is discretized into 200 grid blocks. Fig. 7 shows the 
relative permeability curves used to simulate multiphase flow when 
convection is included for the central region. 

Fig. 8 shows the cumulative number of moles of the injected 
component (CO2 or C1) and C1, C4, and C10 mol produced through 
counter-current diffusion for four different simulation cases. The black 
bold lines show the recovered/injected moles when convection is 
included. The dashed red lines show the recovered/injected moles when 
only diffusion is included in the simulation. The curves labeled “C1” 
show the injected and recovered moles when C1 is injected. The curves 
labeled “WC1, CO2” and “WC2, CO2” show the injected and recovered 
moles when CO2 is injected and the WC1 and WC2 models are used for 
the wall potential, respectively. 

The methane injection and WC1 CO2 injection cases are diffusion- 
dominant because the inclusion of convection only slightly increases 
the injected and produced moles. The observed insensitivity of cumu-
lative injection and production to convection is largely because the 
boundary and initial conditions have the same pressure. The relative 
contribution of convection will increase if a large pressure gradient is 
applied by the boundary condition and if the reservoir is more 
permeable. 

The cumulative amount of injection is significantly smaller when 
methane is injected as compared with CO2 with both WC1 and WC2. 
This is caused by a lower fugacity gradient of methane across the frac-
ture since the initial reservoir oil contains methane, but not CO2. The 
cumulative production of n-butane and n-decane is nearly the same for 
methane and CO2 with WC1, even though the cumulative amount of 
methane is substantially smaller than that of CO2. This indicates that 
methane is more efficient at extracting moles of hydrocarbons from the 
reservoir than CO2 when it has relatively weak interactions with the 
pore wall. The greater efficiency of C1 in comparison to CO2 with WC1 is 
shown by a greater slope for the C1 curves than CO2 curves (Fig. 8e). 

Fig. 8 shows that the most performant injectant was CO2 with WC2. 
Fig. 8a shows that CO2 with WC2 yields the greatest amount of injectant 
in the reservoir. When convection is included, it also yields the greatest 
amount of produced C1, C4, and C10 with the greatest improvement 
being for heavier alkanes. Moreover, Fig. 8e shows that CO2 with WC2 
yields a greater amount of storage of the injectant for a given amount of 
production. 

The results show that the wall potential substantially affects the 
simulation results, where WC2 results in a significant increase in cu-
mulative CO2 injection and recovery of oil components than WC1. As 
mentioned previously, the main difference between these two wall po-
tential models is that WC2 has a greater wall potential parameter ε0,CO2 
than WC1. 

Fig. 9 shows the effect of convection on the overall mole fraction 
profiles after 1500 days of continuous C1 and CO2 injection. Fig. 9ab 
show the overall mole fraction profiles for C1 injection with and without 
convection, respectively. Fig. 9cd show the overall mole fraction profiles 

Fig. 6. Schematic for simulation of methane or CO2 injection into a tight reservoir (Adapted from Achour and Okuno, 2022).  

Table 4 
Petrophysical and numerical parameters for the Wolfcamp shale sample 1 (Tovar et al., 2017, 2021).  

φ k τ Sw γ r z0 A Δx NGB Δt  

μD    nm mm3/g m2 m  s 

10.3% 1.37 1.87 0% 3.88 7 43.16 1 0.045 200 1000  

Fig. 7. Oil/gas relative permeability model used in the flow simulation for 
case 2. 
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for CO2 injection with WC1 with and without convection, respectively. 
Fig. 9ef show the overall mole fraction profiles for CO2 injection with 
WC2 with and without convection, respectively. 

The main difference between Fig. 9e and f is that, when convection is 
included, the mole fraction of CO2 increases and the mole fraction of 
methane, n-butane, and n-decane decrease at the right edge of the 1-D 
medium. This indicates that the transport is accelerated when convec-
tion is included with the stronger interactions of CO2 with the pore wall 
(WC2). Fig. 9df show that CO2 diffuses into the reservoir much faster 
with WC2 than with WC1. 

For C1 and CO2 with WC1, plots with and without convection are 
nearly identical; that is, the contribution of convection to molar flux is 
negligible in this simulation as indicated in Fig. 8. Fig. 9bd show that the 
mole fraction of C1 is relatively flat at 60% near the fracture, whereas the 
CO2 mole fraction shows a negative slope. Also, the mole fraction of n- 
decane is greater near the fracture in Fig. 9b than Fig. 9d. 

Fig. 10 shows the pressure profiles for the liquid and vapor phases 
using a dark bold line and a red dashed line after 1500 days of contin-
uous injection with the WC1 and WC2 models. Fig. 10abc show the 
pressure profiles for methane and CO2 injection with WC1 and WC2 with 

both diffusion and convection. Fig. 10def show the pressure profiles for 
methane and CO2 injection with WC1 and WC2 with diffusion only. 
Fig. 10ghi show the apparent sorbed-region pressure profiles for 
methane and CO2 injection with WC1 and WC2 for simulation cases 
where both diffusion and convection were activated. 

Fig. 10abdegh show that the mixing of CO2 modeled by WC1 or 
methane with the reservoir oil creates a negligible pressure gradient 
throughout the reservoir both with and without convection in the cen-
tral region. The main reason for the small pressure gradient is that, as 
shown in Fig. 5, mixtures of oil with methane or CO2 modeled with WC1 
do not result in an increase in PS. 

Moreover, Fig. 10abde show a central region fully saturated with a 
vapor phase within 2.5 m of the fracture and fully saturated with a liquid 
phase in the rest of the reservoir. The gap between the two curves at 2.5 
m represents the capillary pressure and corresponds to a tie-line in 
composition space (Achour and Okuno, 2023). The transition between 
the liquid and vapor phases is not an issue when the fugacity is used as 
the main driving force as in this research because fugacity is continuous 
at both ends of a tie-line on a phase envelope (Achour, 2023). 

Fig. 10bc show that WC2 causes greater pressure gradients than WC1 

Fig. 8. Simulation results from case 2; (a) cumulative amounts of CO2/C1 injected, (b) cumulative amount of C1 produced produced, (c) cumulative amount of C4 
produced, (d) cumulative amount of C10 produced, and (e) the total mole numbers produced with respect to the injected mole numbers in continuous CO2/C1 in-
jection for 1500 days for Wolfcamp shales WC1 and WC2. The initial reservoir contains 30% C1, 30% C4, and 40% C10. Labels are included in each subplot to describe 
the solvent injected (i.e., C1 or CO2) and the DRA model used for the sorption (i.e., WC1 or WC2). The label does not specify the DRA model used when C1 is injected 
because both WC1 and WC2 have the same DRA parameters in the ternary system which does not include CO2. 

S.H. Achour and R. Okuno                                                                                                                                                                                                                   



Geoenergy Science and Engineering 230 (2023) 212183

9

when CO2 is injected. The large pressure gradient is caused by the in-
crease in PS upon mixing between oil and injected CO2 as shown on 
Fig. 5. As explained below, this large pressure gradient leads to the 
effectiveness of CO2 injection with WC2 in comparison with methane 
injection or CO2 injection with WC1. 

One important aspect of the DGM diffusion model is that the net flow 
direction is determined by the pressure gradient (Achour and Okuno, 
2022) in both the central and sorbed regions as given by 

∑Nc

i=1

ṅi

Ðe
iM
= −

∇P
RT

, (14)  

where i = 1,…,Nc, ṅi and Ðe
iM are the molar flux and effective Knudsen 

diffusion coefficient for component i, P is the pressure, R is the universal 
gas constant, and T is the temperature. In the case of CO2 injection with 
WC2, the affinity of CO2 for the pore wall causes it to accumulate in the 
sorbed region, increasing its density and PS near the fracture as shown in 
Fig. 10i. This causes a pressure gradient that further accelerates the 
diffusion of CO2 and other oil components through the sorbed region 
according to equation (14). This accumulation of oil components deep in 

the reservoir through pressure-driven diffusion in the sorbed region then 
increases the density of the oil in the central region through the equi-
librium as dictated by the MPTA (equation (1)). This causes an increase 
in the pressure of the central region deep in the reservoir and creates a 
positive pressure gradient in the central region. This positive pressure 
gradient enhances the transport through counter-current diffusion and 
convection. That is why the cumulative recovery of all components for 
CO2 injection with WC2 increases significantly when convection is 
activated. This entire process creates a flux cell between the central and 
sorbed regions as shown by the schematic in Fig. 11, and enhances the 
transport of CO2 solvent into the reservoir and that of the oil 
components. 

Fig. 12 shows the impact of solvent composition and the ratio ε0,CO2/

ε0,C1 on the mole fraction profiles after 1500 days of continuous solvent 
injection. Fig. 12ab respectively show the central and sorbed regions for 
the mole fraction profile for the case of continuous methane injection. 
Fig. 12cd respectively show the central and sorbed regions for the mole 
fraction profile with WC1. Fig. 12ef respectively show the central and 
sorbed regions for the mole fraction profile for WC2. Note that Fig. 9bdf 
show the overall mole fractions corresponding to Fig. 12. 

Fig. 9. Composition profiles after 1500 days of continuous injection; (a) the overall mole fraction profiles for methane injected without convection and (b) with 
convection; (c) the overall mole fraction profiles for CO2 injection for WC1 without and (d) with convection; and (e) the overall mole fraction profiles for CO2 
injection for WC2 without and (f) with convection. 
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After 1500 days of continuous methane and CO2 injection with WC1, 
the central region for all grid blocks within the first 2.2 m are saturated 
with a vapor phase. In the case of methane injection, all components 
show greater tendencies to segregate between the central and sorbed 
regions than when CO2 is injected with WC1. Fig. 12a shows that the 
central region is almost fully saturated with methane when methane is 
injected. Fig. 12c shows that when WC1 is used, the high mole fraction 
of injected CO2 in the central region near the fracture decreases with 
distance from the fracture and is only slightly greater than the CO2 mole 
fraction in the sorbed region. This is because the CO2 segregation co-
efficient is much closer to the neutral line of S = 1 in Fig. 4a. The n- 
decane mole fraction in the sorbed region is also much greater when 
injecting methane than CO2. As was shown by Achour and Okuno 

(2023), segregation enhances the transport through diffusion. That is 
why the methane injection results in a similar recovery of n-decane and 
n-butane to the CO2 injection, although the methane injection rate is 
much smaller as shown in Fig. 8. 

With both WC1 and WC2, CO2 exists in both regions, but it con-
centrates more in the central region for WC1, and in the sorbed region 
for WC2. Fig. 12d shows that the dominant component of the sorbed 
region is C10 with WC1. However, when the CO2 wall potential is 
increased to WC2 (Fig. 12f), the CO2 mole fraction in the sorbed region 
increases by displacing C10 into the central region causing the counter- 
current transport of CO2 and C10. The greater CO2 wall potential (WC2 in 
Fig. 12cd) increases the CO2 mole fraction, density and PS, all of which 
enhance transport through the sorbed region. This is further supported 

Fig. 10. Pressure profiles for the central and sorbed regions in case 2 at 1500 days. The gas phase is shown with a black bold line and the liquid phase with a red 
dashed line. Central-region pressures for (a) Methane, (b) CO2 with WC1, and (b)CO2 with WC2 with diffusion and convection; central-region pressures for (d) 
methane, (e) CO2 with WC1, and (f) CO2 with WC2 without convection; sorbed-resion pressure for (g) methane, (h) CO2 with WC1, and (i) CO2 with WC2. 

Fig. 11. Schematic showing surface diffusion/convection cell recovery mechanism for CO2 injection with WC2 model.  
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by the relatively high values of n-decane segregation coefficient on the 
Sx diagrams in Fig. 4b. 

The findings in this research are fundamentally important and novel 
because they give a detailed analysis of compositional transport and 
fluid/rock interactions in gas EOR in tight reservoirs. For field appli-
cations, sorption measurements of methane and CO2 with reservoir 
rocks can be used to obtain the ratio ε0,CO2/ε0,C1. This ratio is expected to 
indicate the performance of CO2 as the injection gas; specifically, a 
higher value would yield a greater oil recovery. Also, the models can be 
implemented in a reservoir simulator as was done in this paper, to 
quantify the recovery factor for a specific reservoir. Results in this 
research highlight the importance of rock/fluid interactions, in addition 
to the importance of fluid/fluid interactions. 

The impact of phase compositions and sorption on the rock wetta-
bility was not explicitly accounted for in this research. Wettability is 
often quantified by the contact angle θ given by Young-Dupré equation 
(Peters, 2012b) 

cos θ=
σvs − σls

σlv
(15)  

where σvs, σls, and σlv are the interfacial tensions between the vapor and 
solid phases, between the liquid and solid phases, and between the 
liquid and vapor phases, respectively. In the equation above, the solid- 
fluid interfacial tensions are thermodynamically linked with the excess 
moles by the Gibbs adsorption isotherm 

dσjs = −
∑Nc

i=1
nex

ij dGi (16)  

where j = L and V, and Gi is the partial molar Gibbs free energy of 
component i (i = 1,…,Nc). 

Based on Equation (16), the WC2 model makes the rock surface 
attract CO2 more than WC1. The flow simulations show a phenomenon 
akin to capillary imbibition of CO2 into the reservoir when WC2 is used. 
However, the Gibbs adsorption isotherm was not used to update the 
contact angle during the simulation. The rock surfaces were assumed to 
be strongly liquid-wet in all simulations when calculating the capillary 
pressure. 

Properly accounting for the effect of sorption on the contact angle 
using the Gibbs adsorption isotherm would require a numerical 

Fig. 12. Composition profiles after 1500 days of continuous CO2 and methane injection. The (a) central and (b) sorbed region composition profiles are shown for the 
case of methane injection. The WC1 (c) central and (d) sorbed region mole fraction profiles for CO2 injection. The WC2 (e) central and (f) sorbed region mole fraction 
profiles for CO2 injection. 
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integration of equation (16) where each discrete interval would require 
MPTA flash calculations. A reduced model would be necessary to 
approximate the Gibbs adsorption isotherm within a reasonable run- 
time. 

4. Conclusions 

This paper presented simulation studies of continuous injection of 
CO2 and methane into a tight oil reservoir, which involved isothermal 
multicomponent diffusion-convection including capillary pressure and 
sorption. The 1-D reservoir model represented Wolfcamp shale with a 
ternary mixture of methane, n-butane, and n-decane as the initial oil at 
347 K and 110 bar. The simulator used the DGM for diffusion and the 
approximated MPTA method to compute the equilibrium in two 
concentric regions across each pore in tight porous media. The analysis 
in this research focused mainly on the impact of pore wall potential on 
the multicomponent diffusion-dominant transport in gas EOR (CO2 or 
methane) in tight formations. The main conclusions are as follows. 

• Simulation results highlighted the importance of properly charac-
terizing the reservoir rock through sorption measurements for both 
CO2 and n-alkanes. Strong attractive interactions between CO2 and 
pore walls nearly doubled the injection rate of CO2 and the pro-
duction rate of n-decane (the heaviest component) by displacing it 
from the pore wall. This strong attraction caused CO2 to penetrate 
the tight porous medium deeper and saturate the sorbed region.  

• Mixing of injectant with reservoir oil resulted in local changes in 
molar density and pressure. These pressure gradients were caused by 
the combined interactions of the injectant with the reservoir oil and 
with the pore wall. Inclusion of convection tends to dissipate these 
pressure changes and impact the recovery/injection rates.  

• With the relatively weak interaction between the injected gas and the 
pore wall, the mole fraction of the injected gas and the fluid density 
in the sorbed region were smaller than those in the central region. 
This caused small apparent pressure gradients and therefore a small 
effect on the injection and recovery rates. This was shown for both 
methane and CO2 with the wall potential model “WC1.”  

• Methane was shown to produce more oil per mole of injectant than 
CO2 with weak pore wall interactions (WC1).  

• With the relatively strong attractive interactions, the CO2 mole 
fraction and the fluid density in the sorbed region caused a large 

apparent pressure in the sorbed region. During flow simulation, this 
increase in apparent pressure upon mixing enhanced the diffusion of 
CO2 into the reservoir through the sorbed region and also the 
transport of oil components in the opposite direction through the 
central region (i.e., countercurrent transport of segregated compo-
nents). These strong gradients in apparent pressure (i.e., molar 
density) caused a greater impact of convection on the cumulative 
CO2 injected and oil moles recovered.  

• Equilibrium MPTA calculations showed that in the case of strong 
interactions between CO2 and the pore walls, CO2 displaced heavy 
components from the pore walls through the liquid phase. However, 
in the presence of a gaseous phase, CO2 preferentially segregated into 
the vapor phase at the center of the pore. 
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Appendices. 

Appendix A 

The validation of the segregated flow simulation is very challenging because no previous publication contains enough data to properly calibrate all 
the necessary models. One way to proceed with the current research was to calibrate model parameters based on different experiments with Wolfcamp 
shale and other rock samples. 

Based on Monsalvo and Shapiro (2007), DRA potential ε0 for activated carbon has a linear function of carbon number CN. 

ε0 /R = 0.4300CN + 0.6304 K. (A1) 

Based on the literature data gathered by Sandoval et al. (2018), DRA potential ε0 for Marcellus shale has a linear function of carbon number CN. 

ε0 /R = 218.2CN + 288.4 K. (A2) 

Based on the proportionality between the slopes and y-intercepts in equations A1 and A2, a general linear equation was created for the wall 
potential parameter for a rock containing organic pores 

ε0 /R=α(CN + 1.4), (A3)  

where α is a calibration parameter to match measured sorption for any single n-alkane component. 
Figure A1 shows MPTA calculations of the excess sorbed amount defined as 
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nex =

∫z0

0

ρ − ρ0dz (A4) 

calibrated with experimental data for Marcellus, Longmaxi, and Bowland shales by Ansari et al. (2022). Table A1 shows the DRA parameters used to fit 
experimental data on Figure A1. Based on Monsalvo and Shapiro (2007), the ratio of the methane wall potential to that of CO2 for activated carbon is 
about 1.02. This number is consistent with some high-kerogen shale rocks based on calibrated DRA models with the Marcellus and Longmaxi shale. 
However, both Bowland shale samples show consistently stronger interactions between CO2 and the pore wall through a greater ratio of ε0,CO2/ ε0,C1.    

Fig. A1. Calibrated pure CO2 and CH4 excess sorbed moles at 40 ◦C for (a-b) Bowland shale B6 B8, (c) Longmaxi shale LG4, (d) Marcellus shale ML. Hollow circles 
and squares represent experimental data of sorption by Ansari et al. (2022) for samples (a) B6, (b) B8, (c) LG4, and (d) ML.  

Table A1 
Summary of calibrated DRA parameters for Longbow, Longmaxi and Marcellus shales.  

Shale sample z0, mm3/g β ε0,C1/R, K ε0,CO2/R, K ε0,CO2/ε0,C1 

B6 20 0.2 4.3 12 2.8 
B8 20 0.2 2.3 8 3.5 
LG4 50 0.3 45 54 1.2 
ML 42 0.3 34 26 0.76  

Figure A2 shows the ratio of the DRA potential parameters for n-alkanes and CO2 to that for methane ε0,i/ε0,C1 as calculated using the model 
derived. The ratio was used to compare a normalized value of the DRA wall potential which is independent of the calibration parameter α. 

ε0,i
/

ε0,C1 = CN
/

2.4 + 0.583 (A5)  

where i and CN represent a molecule name and the carbon number. Figure A2 shows that CO2 interaction with the pore wall can span a wide range of 
values; it can be weaker than the methane interaction with the pore wall that matches the calibrated values on activated carbon (Monsalvo and 
Shapiro, 2007), but also can be that of n-heptane. 
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Fig. A2. Plot of calibrated DRA potential for n-alkanes and CO2.  

Appendix B. Comparison between TigReS and a commercial reservoir simulator 

This appendix presents a comparison between the models developed in this research and the commercial compositional simulator CMG GEM 
(Computer Modelling Group, 2020). CO2 is diffused into a reservoir containing 30% C1, 30% C4, and 40% C10 through the matrix-fracture interface 
with WC1 from Case 2. The temperature and initial pressure of both the matrix and the injected CO2 are set to 347 K and 110 bar. 

CMG GEM does not have the option to apply the constant composition and pressure boundary conditions used in Case 2. One approach, which has 
been used in the literature to emulate this boundary condition, is to place a large grid block with the specified composition and pressure. 

In the CMG GEM simulation, therefore, the first grid block from the left is a 100-m-long grid block containing CO2 at 110 bar. As simulation time 
progresses, oil diffuses into the boundary grid block. Since the boundary grid block initially contains a large amount of CO2, the decrease in mole 
fraction of CO2 in the boundary grid block is negligible.

Fig. B1. Schematic for the grids used for CMG GEM to simulate the WC1 CO2 injection scheme from Case 2. The sizes of grid blocks and number of the reservoir grid 
blocks are not drawn to scale. 

Simulations showed numerical stability and convergence issues when the same time-step and grid block sizes were used as in case 2. Therefore, the 
CMG GEM simulation was carried out using fifty grid blocks with a length of 0.18 m to represent the 1-D reservoir volume and a maximum time-step 
size of 0.001 days (86.4 s). 

CMG GEM does not have the option to use the dusty gas model for the diffusion of molecules through tight pores, and therefore, we use Fick’s law to 
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model the compositional diffusion in CMG GEM. Equivalent diffusion coefficients based on Fick’s law are computed here assuming a diffusion- 
dominated flow regime. We estimate the Peclet number based on the simulated CO2 injection with WC1 over 1500 days at the matrix-fracture 
interface for Case 2 as described below. 

According to Perkins and Johnston (1963) for a diffusion-dominant regime, the Peclet number must be less than 0.002. Based on the curves of mole 
fraction profiles in Fig. 9d, after 1500 days, most of the oil is recovered from the first 4 m. The net cumulative recovery within that time frame is 0.158 
mol/day. The cross-sectional area to flow is 1 m2. The porosity is 0.3%. We estimate the diffusion coefficient based on the definition of the Peclet 
number (Peters, 2012b): 

D =
qL

AφNPe
= 5.614 × 10− 2

[

cm2
/

s
]

(B1) 

We set the diffusion coefficient of methane to the above value in CMG GEM and estimate the diffusion coefficient of CO2, C4, and C10. According to 
the Stokes-Einstein relation, the diffusion coefficient scales with the inverse of viscosity and particle radius Di∝ 1

μi ri 
(Reichl, 2016) where μi and ri are the 

pure substance viscosity and molecular radius for component i (i = 1,…,Nc). 
First, we estimate the molecular radii based on the EOS. Let us assume that the co-volume defines the smallest molar volume achievable for a 

substance made of hard spheres. The arrangement of hard spheres that would minimize the volume is the rhombohedral packing (Peters, 2012a) with 
a porosity of 26%. The molar density for a pure substance at its co-volume would then become 

Vi =
4
3

πri

1 − 0.26

(
10− 9m

nm

)

N A = bi,

where i ¼ 1,..., NC and N A is the Avogadro constant. The radius of molecules can then be estimated as 

ri =

⎛

⎜
⎜
⎝

bi
m3

mol

0.00340885

⎞

⎟
⎟
⎠

1
3 nm (B2)  

where i ¼ 1,...,NC. The estimated molecular radii are presented in Table B1 along with the viscosities of pure substances at the simulation 
temperature and pressure retrieved from the online NIST database (Lemmon et al., 2018). Table B1 also presents estimated diffusion co-
efficients based on the Stokes-Einstein scaling.  

Table B1 
Covolume, molecular radius, viscosity and diffusion coefficients for each component in the CO2 injection simulation.   

b r μ D  

m3/mol Å cp cm2/s 

CO2 2.6655 × 10− 5 1.985 0.023723 3.512 × 10− 2 

CH4 2.6781 × 10− 5 1.988 0.014834 5.614 × 10− 2 

C4H10 7.2450 × 10− 5 2.770 0.12220 4.890 × 10− 3 

C10H22 1.8961 × 10− 4 3.817 0.53178 8.156 × 10− 4  

Sorption is modeled with CMG GEM using the multicomponent Langmuir (ML) model (Computer Modelling Group, 2020) 

nex
i = nex

imax
bixiP

1 +
∑Nc

j=1
bjxjP

,where i = 1,…,Nc (B3)  

In Equation B3, nex
i , nex

imax, and bi are the number of excess moles per mass of solid rock, the maximum number of excess moles per mass of 
solid rock, and the sorption equilibrium coefficient component i (i = 1,…,Nc). Figure B2 shows the best match of the ML model to excess 
sorbed moles of CO2, C1, C4, and C10 calculated with the WC1 DRA model (Table 3) using a 100-region MPTA equilibrium calculation. 
Calibrated ML parameters are presented in Table B2. The match appears to be reasonably accurate for CO2 and C1. The ML model is unable 
to properly match the C4 and C10 excess calculated by the MPTA method (Figures B2cd). The main reason for this observation is that C4 and 
C10 form dense liquids at these conditions and the ML model is unable to model dense fluids with molar volumes close to the covolume 
parameter of the Peng-Robinson EOS (Achour and Okuno, 2023). The excess is a monotonically decreasing function of pressure in 
Figure B2cd, but the ML model can only predict increasing functions pressure. To match the MPTA data as closely as possible, the pa-
rameters bC4 and bC10 from equation (B3) had to be very large values such that the predicted sorption appears to be a straight line when 
plotted against pressure. 
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Fig. B2. Match of ML model (bold line) to Wolfcamp shale MPTA equilibrium calculations (hollow circles) for CO2, C1, C4, and C10 at 347 K. The MPTA model is the 
same as that used in case 2 (WC1).  

Table B2 
ML parameters and their keywords used to approximate the MPTA model for CO2 diffusion into a Wolfcamp shale containing a ternary mixture of C1, C4, 
and C10 at 347 K. ADGSTC and ADGMAXC correspond to bi and nex

imax, respectively.    

CO2 CH4 C4H10 C10H22 

ADGCSTC 1/kPa 2.472 × 10− 4 1.471 × 10− 4 1.0 1.0 
ADGMAXC mmol/g 0.1276 0.06551 0.01291 0.001647  

Table B3 shows the initial compositional excess moles of the reservoir containing 30% C1, 30% C4, and 40% C10 as calculated by CMG GEM based 
on the ML model in Table B2 and the MPTA model. The excess moles are also given as a ratio of excess moles to the total number of moles not adsorbed. 

ωi =
nex

i
∑Nc

j=1
nj − nex

j

,where i = 1,…,Nc. (B4)   

Table B3 
Initial compositional excess moles per mass of rock in CMG GEM based on the ML model in Table B2.    

CO2 CH4 C4H10 C10H22 

ML total excess moles mmol/grid block 0.0 4.350 × 10− 5 5.508 × 10− 2 7.381 × 10− 3 

ML excess moles per total moles mol/mol 0.0 3.199 × 10− 7 4.051 × 10− 4 5.428 × 10− 5 

2-region MPTA excess moles per total moles mol/mol 0.0 − 2.048 × 10− 2 5.124 × 10− 3 5.136 × 10− 2  

Table B3 shows that the ML model used in CMG is unable to account for multicomponent segregation where the light components represented by 
C1 have negative excess because they segregate at the center of the pore. Instead, the ML model predicts a very small value of excess for C1. Moreover, 
because negative excess cannot be modeled by ML, there is less sorption capacity available for C4 and C10 to adsorb. This yields a smaller amount of 
sorption for C4 and C10. 
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The very small value of methane excess is caused by the unusually great values of the ML parameters bC4 and bC10 , which yield the best match for the 
negative slope of the liquid hydrocarbons. This causes the denominator in equation (B3) to be significantly greater than the numerator for C1 and CO2. 
This significantly reduces the number of excess moles for light components. The ML is not able to properly model compositional segregation in tight 
pores. 

Figure B3 shows the cumulative compositional recovery for C1, C4, and C10 from counter-current diffusion and the injected moles of CO2 by 
diffusion. The simulated recovery with TigReS was shown in Fig. 8. As opposed to TigReS, CMG GEM predicts that light components represented by 
methane would be recovered much more than C4 and C10. The results from TigRes showed that the C1 C4 and C10 recoveries were very close to each 
other after 1500 days and C10 recovery was greater than that of C4. This difference occurs because the ML model within CMG GEM does not properly 
model component segregation across pores and does not account for the composition and density of the fluid near the pore wall on the transport 
coefficients. The recovered fluid is simulated to be leaner with CMG GEM.

Fig. B3. Cumulative moles recovered during the simulated CO2 diffusion into a 1-D reservoir containing 30% C1, 30% C4, and 40% C10 at 347 K with an initial 
pressure of 110 bar. 
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