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ABSTRACT

This paper presents an experimental study of the injection of aqueous formate solution into oil-wet carbonate
porous media at different formate concentrations and acidity levels. The research was motivated by the potential
use of aqueous formate solution as a wettability modifier in enhanced oil recovery and/or a carbon carrier in
geological carbon storage in carbonate reservoirs. However, the wettability alteration of carbonate rocks by
formate has not been tested at elevated concentrations of formate or in any coreflood. The experimental program
in this research consists of aqueous stability, wettability alteration, and three dynamic imbibition experiments
with fractured carbonate cores with varying formate concentrations up to 30 wt% and initial pH between 6 and
7.

With an excess amount of calcite powder, the 20 wt% formate solution in 15000 ppm NaCl brine showed
essentially the same pH history as the base NaCl brine, where calcite dissolution caused the solution pH to in-
crease to a stable value near 9. None of the samples studied in this research showed solid precipitation. Material
balance of dynamic imbibition data indicated that the imbibition of formate into the matrix was most significant
in coreflood #1, in which 30 wt% formate solution was injected into a fractured carbonate core. A large gradient
in formate concentration between the fracture and the matrix likely caused the rapid mass transfer. Then, calcite
dissolution and the resulting formate species caused wettability alteration to enhance water imbibition, which in
turn expelled the oil in the matrix.

The incremental oil recovery factor was 9.1 % for 30 wt% formate (pH = 7; coreflood #1), 2.9 % for 5 wt%
formate (pH = 7; coreflood #2), and 7.0 % for 5 wt% formate + HCl (pH = 6; coreflood #3). A greater oil
recovery factor resulted from a greater concentration of formate and a reduced pH. This is the first time core-
floods were performed with aqueous formate solution at elevated concentrations up to 30 wt%.

1. Introduction

improving the sweep efficiency in carbonate reservoirs has been studied
over the past few decades [4,5].

This section first gives a discussion of the technical challenges for
carbon capture and storage (CCS) in carbonate reservoirs and then dis-
cusses several ways to improve the efficiency of oil recovery and CCS in
carbonate reservoirs. Finally, the research objectives of this paper are
introduced.

Carbonate reservoirs account for approximately 60 % of the world’s
crude oil and natural gas reserves [1,2]. Waterflooding and gas flooding
are widely used to develop carbonate reservoirs, and 67 % of CO5 floods
in the U.S. are in carbonate reservoirs [3]. However, carbonate reser-
voirs usually contain multiscale natural fracture networks, causing large
fluid-mobility contrasts between high-permeability fractures and low-
permeability matrices to make the oil recovery inefficient. Therefore,
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Carbonate reservoirs are also considered for CCS, in which a large
amount of carbon can be stored while improving oil recovery [6-8].
However, CO; storage in carbonate reservoirs depends on the in-situ
flow regime of CO,, which tends to result in inefficient volumetric
sweep because of the channeling flow of CO2 through high-permeability
fractures in heterogeneous carbonate reservoirs [9]. For example, CO5
flooding was performed in the east portion of East Seminole Field, which
is a heterogeneous carbonate reservoir in the Permian Basin, in 2013.
However, a rapid CO; breakthrough with large gas-oil ratios (GOR) was
soon observed because of the channeling flow [10]. Lv et al. [11] used
CaCOg3-coated micromodels to study the sweep efficiency of CO, injec-
tion into heterogeneous carbonate porous media. They found that many
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branches of CO; flow were formed in the fractures and pores, leading to
a low sweep efficiency of 28.1 %. Since the viscosity of CO; is low in
comparison to brine and oil at reservoir temperature and pressure, the
mobility ratio in CO3 injection is usually unfavorable in saline aquifers
and oil reservoirs. The high mobility of the injection gas, CO,, exacer-
bates the volumetric sweep with a large permeability contrast in car-
bonate reservoirs [12]. In addition, the gravity override, which resulted
from the low density of CO,, drives CO to rise toward the caprock. CO5
leakage may occur when the caprock is not fully impermeable to CO2
with or without hydraulic paths, such as faults, fractures, and wellbores.
Complex geochemical reactions during CCS in carbonate reservoirs
should be also studied for deposition of minerals (e.g., calcite, magne-
site), which may plug pores and tubings [9].

In addition to the in-situ flow regime in COg injection, the rock
wettability in carbonate reservoirs can make it difficult for CO, to
transfer from high-permeability fractures to low-permeability matrices.
Calcite in carbonate reservoirs tends to be oil- or mixed-wet in the
presence of polar components in the oil, such as naphthenic acids [13].
For the same reason, waterflooding in carbonate reservoirs can be
challenging because water imbibition into oil-wet carbonate matrices is
weak [14,15].

One way to improve the efficiency of oil recovery and CCS in car-
bonate reservoirs is to use wettability alteration in water-based
enhanced oil recovery (EOR). Hirasaki [16] pointed out that the
wettability of rock surfaces could be changed from oil-wet to water-wet
by increasing the stability of the water film or removing the polar
components absorbed on the rock surfaces. Surfactants have been
widely studied for wettability alteration for carbonate formations
[17-19]. Cationic surfactants were effective in altering the wettability of
carbonate rock surfaces from oil-wet to water-wet, in which the posi-
tively charged head of surfactants paired with negatively charged
carboxylate acids that were absorbed on the rock surface by electrostatic
interaction [20]. The ion pair was able to remove the absorbed organic
components on the rock surface and contributed to the wettability
alteration. Anionic surfactants were less effective in wettability alter-
ation than cationic surfactants because the wettability alteration by
anionic surfactants was considered reversible [21]. The proposed
mechanism was that a bilayer structure was formed by the hydrophobic
interactions between the hydrophobic tails of surfactant and the
absorbed organic components, which decreased the contact angle and
altered the wettability. Although surfactants were an effective wetta-
bility modifier, the reduced IFT between water and oil reduced the ki-
netics of water imbibition [22]. Also, various wettability modifiers are
less expensive than surfactants.

Low-salinity waterflooding has been widely investigated for wetta-
bility alteration [23-25]. The mechanisms of wettability alteration by
low-salinity waterflooding were reviewed by Sheng [26], including
multicomponent ion exchange [27] and electrical double layer expan-
sion [28]. Hiorth et al. [29] concluded that calcite dissolution was also
an important mechanism for wettability alteration in carbonate reser-
voirs. They found a positive correlation between the percentage of
calcite dissolution and the oil recovery. When calcite dissolution
occurred where oil was absorbed, the oil would be removed, rendering
the rock surface less oil-wet. Den Ouden et al. [30] also attributed the
mechanism of wettability alteration to calcite dissolution. They
observed the increased concentration of calcium and pH after the
equilibrium between crushed calcite material and low-salinity water.
The pH increased because CO3~ was generated from dissolved calcite.
They also indicated that the effect of calcite dissolution was more sig-
nificant with increasing CO, partial pressure and decreasing pH. The
increased concentration of Ca?* and pH of effluent samples were
important indicators for calcite dissolution and, therefore, wettability
alteration.

More recently, Baghishov et al. [31] presented the wettability
alteration of carbonate rocks by aqueous formate solutions. They con-
ducted contact angle experiments and Amott tests with aqueous formate
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solutions with/without pH adjustment by hydrogen chloride (HCI).
Results showed that aqueous formate solution was effective in altering
the wettability of oil-wet carbonate rocks to a water-wet state when the
initial solution pH was adjusted to 6.1. They proposed that the mecha-
nisms of wettability alteration by formate were the calcite dissolution
and adsorption of formate on the rock surface. However, they only
tested the wettability alteration with at most 5 wt% formate in brine,
and they did not perform coreflooding experiments. A coreflooding
experiment enabled them to evaluate the lab-scale oil displacement and
rock-fluid interactions when formate solution was injected into a core.
Since formate species can be used in CCS as a highly water-soluble
carbon carrier [32], important questions arise as to how the wetta-
bility alteration would occur with an elevated concentration of formate,
and how the carbon carrier (i.e., formate) would transfer to the car-
bonate rock matrix in response to the expected wettability alteration.
These questions motivated this research.

In this research, aqueous formate solutions with high concentrations
of formate were investigated, not only as a wettability modifier, but also
as a carbon carrier, for EOR and/or CCS in carbonate formations. Oye-
nowo et al. [32] presented the solubility and viscosity data for aqueous
formate solutions. Their numerical simulation indicated that the injec-
tion of aqueous formate solution led to a greater amount of oil recovery
and carbon storage mainly because aqueous formate solution stabilized
the displacement fronts. Okuno [33] presented that when the mass
density of pure CO5 at bottom-hole conditions was smaller than 9 mol/L,
the carbon density in aqueous formate solution was greater than that of
CO,, and a greater carbon injection rate was expected by aqueous
formate solution than CO; for a given well-head pressure. However, it is
not clear how a high-concentration formate solution would interact with
carbonate rocks in formate-based EOR and/or CCS.

The main goal of this paper is to investigate the wettability alteration
of aqueous formate solutions for oil-wet carbonate porous media at
different formate concentrations and acidity levels. The stability test was
conducted by aqueous formate solutions with and without calcite
powder. The pH history was recorded during the aging period. Wetta-
bility alteration was studied with oil-aged calcite plates and cores. Three
dynamic imbibition experiments were carried out with 30 wt% formate
solution with a pH of 7, 5 wt% formate solution with a pH of 7, and 5 wt
% formate solution with a pH of 6 to investigate how the formate con-
centration and the solution pH would affect the wettability alteration.
Results were analyzed by material balance, which quantitatively indi-
cated the mass transfer between the fracture and matrix volumes in the
corefloods.

In what follows, section 2 presents the material and methods for this
research. Section 3 gives the main results of aqueous stability, wetta-
bility alteration, and coreflooding, followed by comparative discussions.
Section 4 shows the main conclusions from this research.

2. Material and methods
This section presents the experimental conditions and procedures.

The experiments include measurement of fluid properties, stability test,
wettability alteration test, and dynamic imbibition experiments.

2.1. Fluid properties

This study used an oil sample from a conventional oil reservoir in
Texas. Table 1 shows the density and viscosity measured at room tem-
perature and atmospheric pressure. All experiments used 15000-ppm

Table 1
Properties of the oil sample.

Density, kg/m® 795 (at 295 K)
Viscosity, Pa-s 2.7 x 10 (at 295 K)
Molecular weight, g/mol 183
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NaCl brine with a pH of 7, which had a mass density of 1004 kg/m>.

Sodium formate (Thermo Scientific, purity: 99 %) was used to pro-
vide formate ion for the aqueous solutions. The pH of formate solutions
was adjusted to 7 by adding formic acid (HCOOH). The amount of for-
mic acid added to the solution was based on the Henderson-Hasselbalch
equation

[HCOO | ) o

pH::pKf+bgm(Eifiﬁﬁ
where pH is the acidity of the formate/formic acid buffer solution; pKj is
the negative logarithm of the acid dissociation constant; [HCOO™] is the
molar concentration of formate, mol/L; [HCOOH] is the molar con-
centration of formic acid, mol/L. The calculation used a pK, value of
3.75 at 25 °C.

This study used two formate concentrations in brine, 5 wt% and
30 wt%. The total salinity is 90556 ppm (Na': 31459 ppm, CI:
9097 ppm, HCOO™: 50000 ppm) and 468333 ppm (Na*t: 159236 ppm,
CI': 9097 ppm, HCOO™: 300000 ppm), respectively. Figs. 1 and 2 show
the measured viscosities and densities of formate solutions. The den-
sities and viscosities were measured for three times for each sample to
ensure the repeatability of the measurement. All experimental values of
triplicate measurements were within 9 % of the further used averages.

2.2. Stability test

The NaCl brine and the formate solutions were prepared for stability
testing as shown in Table 2. The thermal stability was tested using 20 wt
% formate in brine. The other two solutions were used for studying the
stability of formate solutions with calcite and any reaction that exists.
The same amount of calcite powder was added to these two solutions,
and the solution pH was adjusted to 7 by adding formic acid as
mentioned previously. The glass chamber had a sealing to minimize the
loss of water by evaporation. Then, the solutions were placed in an oven
at 85 °C for over 30 days. During this process, the pH of each solution
was recorded every-five days. The calcite levels in the sample bottles
were also observed.

2.3. Wettability alteration test

Wettability alteration tests had two parts: the first part used calcite
plates and the second part used disk-shaped cores. They were performed
at room temperature to identify the wettability alteration by formate
solutions. The 15000-ppm NaCl brine was used for the control experi-
ment. To investigate the effect of formate concentration on wettability
alteration, 30 wt% and 5 wt% formate solutions were used. A fourth case
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Fig. 1. Measured viscosities and a correlation between viscosity and molar
concentration of formate based on the measured data. Note that the formate
solution is a Newtonian fluid and therefore, the formate solution viscosity is
independent of shear rate.
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Fig. 2. Measured densities and a correlation between the density and molar
concentration of formate based on the measured data.

Table 2
Solutions for stability test.

Base brine Solutions

15000 ppm NaCl 20 wt% formate in brine
Brine + calcite

20 wt% formate in brine + calcite

was to test the impact of the solution pH as done by Baghishov et al.
[31], in which HCIl was added to 5 wt% formate solution while stirring
slowly to reach a pH value of 6.

Calcite plates were polished to make the surface smooth. Then, the
air-dried calcite plates were aged in the brine for one day at 70 °C. Next,
the brine-aged calcite plates were aged in heavy oil for two weeks at
85 °C to make the calcite surfaces more oil-wet. After the aging, calcite
plates were retrieved from the glass chamber, and the excess oil on the
surface was removed carefully. The oil-aged calcite plates were placed
on a stand in the glass chamber filled with formate solutions. The glass
chambers were tightly closed and placed at room temperature. Photos of
surface of calcite plates were taken regularly after the initialization of
the experiment.

In addition to calcite plates, wettability alteration was tested with
Texas Cream limestone with a diameter of 2.54 cm. The permeability
and porosity of the core were measured to be 15.5 mD and 31.8 %,
respectively. Then, it was aged in oil for at least one month at 70 °C.
After that the core was cut into pieces with a thickness of 1 cm. To start
the experiment, the disk-shaped cores were immersed in the four
different solutions. The rock surfaces wet by oil were monitored regu-
larly after the initialization of the experiment.

2.4. Dynamic imbibition experiments

A total of three dynamic imbibition experiments were conducted
with 30 wt% formate solution (Coreflood #1), 5 wt% formate solution
(Coreflood #2), and 5 wt% formate + HCI solution (Coreflood #3).
Corefloods #1 and #2 were to see the effect of the formate concentration
on wettability alteration, and Corefloods #2 and #3 were to see the
effect of pH. Corefloods #1 and #3 were to see which would result in
more effective wettability alteration, increasing the formate concen-
tration or adjusting the formate solution pH as suggested by Baghishov
et al. [31].

Texas Cream limestones were used for the experiments. The di-
mensions of the cores were 2.54 cm in diameter and 22.86 cm in length.
Core #2 was cut to 20.32 cm because of the dimensions of the core
holder used for Coreflood #2. The porosities and permeabilities of the
cores were measured with the NaCl brine.

Oil was injected into the cores to establish the initial oil saturation at



H. Wang et al.

room temperature. The injection rate was fixed at 30 cm®/hour before
the oil breakthrough and then changed to 50 cm®/hour to minimize the
capillary-end effect with a capillary number of 2.3 x 10 and a Rapo-
port and Leas number (Ngp) of 10.15 em?-cp/min. According to Rapo-
port and Leas [34], the capillary-end effect was negligible when the
scaling coefficient Lup (Ng.) was greater than 0.5-3.5 cm?-cp/min, in
which L is the length of the core, u is the injection rate, and p is the
viscosity of the injected solution. The injection of oil was continued until
the amount of produced water became negligible. The initial oil satu-
ration was quantified by the total production volume of brine. After that,
the oil-saturated cores were aged in crude oil for at least one month at
70 °C. The cores were oil flooded again after the aging since the initial
water saturation could be changed slightly by wettability alteration.

An electric saw created an artificial fracture along the longitudinal
direction for each core. Two Teflon strips of 0.1 cm in width and
22.86 cm (20.32 cm for Core #2) in length were placed inside the
fracture to keep the aperture of the fracture. Then, the cores were
wrapped with a shrinkable polytetrafluoroethylene (PTFE) tube as
shown in Fig. 3. Finally, the cores were placed inside the core holder
with the fracture vertically oriented to control the gravity effect on oil
displacement [35].

The fractured core was oil flooded again to make the fracture volume
fully saturated by oil. The valve at the outlet of the core holder was
partially closed to make sure the oil filled out the fracture volume. The
fracture/matrix permeability ratio was set to be between 30,000 and
40,000 for three dynamic imbibition experiments. The fracture perme-
ability was measured with oil by adjusting the overburden pressure.
Then, the fracture aperture was calculated by the analytical equation
[36]:

b = (3ndk, )} 2

where b is the fracture aperture, m; d is the diameter of the core, m; ke is
the effective oil permeability of the fractured core, D. The fracture
permeability was calculated by the following equation [36]:
b2

k= T 3

Table 3 lists the properties of three cores. The flow capacity was the
product of permeability and cross-sectional area. The initial matrix oil
saturation was similar for three cases and was close to reported oil
saturation values for Texas Cream limestone [37]. One important factor
that affects the capillary pressure is the pore radius, which can be
calculated by the following equation:

r=4/— @

Fig. 3. Artificially fractured cores wrapped with a PTFE tube.
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Table 3
Properties of the cores used for dynamic imbibition experiments. The unit of
permeability is millidarcy (mD).

Core #1 Core #2 Core #3
Matrix porosity, % 30.8 28.7 28.4
Matrix permeability, mD 19.64 16.59 13.51
Matrix water saturation 0.361 0.345 0.351
Matrix oil saturation 0.639 0.655 0.649
Flow capacity of the matrix, m* 9.90 x 10 8.37 x 10 6.82 x 10

18 18 18
Mass of the core before cutting, g 246.17 221.92 251.40
Mass of the core after cutting, g 224.84 200.5 227.79
Matrix pore volume after cutting, cm?® 32.47 26.49 29.69
Overburden pressure, kPa 1516 689 4826
Fracture aperture, pm 97.5 81.1 80.9
Fracture permeability, D 792 548 546
Permeability contrast between 40,336 33,022 40,427

fracture and matrix

Flow capacity of fracture, m* 1.96 x 10° 1.13 x 10° 1.12 x 10

15 15 15
Fracture pore volume, cm?® 0.564 0.419 0.468
Total pore volume, cm® 33.03 26.91 30.16

where k is the permeability and ¢ is the porosity of the matrix. The
calculated average pore radii for three cores are 22.59, 21.50 and
19.51 pm, which result in capillary pressures on the same order of
magnitude. Therefore, the imbibition rate and oil recovery are mainly
affected by wettability alteration by formate solutions.

Dynamic imbibition experiments were performed at room tempera-
ture using the setup shown in Fig. 4. It consisted of a pressurization
pump, three accumulators for reservoir brine, oil and formate solution, a
core holder, a hydraulic manual pump, a pressure gauge, and graduated
cylinders for collecting effluent samples.

First, the NaCl brine was injected at 3 cm®/hour for about 1.0 PVL
For the second stage, formate solution was injected for approximately
1.0 PVIL The flow rate for the formate solution stage was determined by
5 h of residence time in the fracture volume:

Vi
T=—
q

)

where 7 is the residence time of formate in the fracture volume, hour; V¢
is the fracture volume, crn3; q is the injection rate of formate solution,
em®/hour. The 5 h of residence time is longer than some reported values
to accommodate a period of time for the expected dissolution of calcite
[38].

A substantial level of the transverse mass transfer happened for the
formate solution flowing in the fracture and directly affected the
wettability and oil recovery. Damkholer number (Np,) is the ratio of
characteristic times for transverse mass transfer and longitudinal con-
vection, as calculated by

Np, = (6)

KL
u
where K is the mass-transfer coefficient, s %; L is the length of the core,
m; u is the fluid velocity in the fracture, m/s [39]. Note that L/u in
equation (6) is the residence time, which is 5 h for the three cases.
Therefore, the Damkohler number in the three experiments depends
only on K, which is affected by the rock wettability.

Finally, the chase brine was injected at the same flow rate as the
formate solution stage until the end of the experiment. Table 4 sum-
marizes the injection schemes for three cases.

The effluent samples were collected in plastic graduated vials. The
pH value of aqueous phase was measured by a pH meter as an indicator
for calcite dissolution. The formate concentrations for the formate stage
and the chase brine stage were measured by proton nuclear magnetic
resonance ("H NMR). The concentration data were used for the material
balance analysis (Section 2.5). The concentration of Ca" in the effluent
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1. Pressurization pump 2. Accumulators 3. Core holder 4. Graduated cylinder
5. Pressure gauge 6. Hydraulic manual pump 7. Oven

Fig. 4. Experimental setup for dynamic imbibition experiments.

Table 4
Injection schemes for dynamic imbibition experiments.
Core #1 Core #2 Core #3
Brine Reservoir brine (15000 ppm NaCl, pH = 7) was injected at 3 cm®/hr for
stage about 1 PVI
Formate Case 1: 30 wt% Case 2: 5 wt% Case 3: 5 wt%
stage formate solution formate solution formate + HCI solution
(pH = 7) was (pH = 7) was (pH = 6) was injected at
injected at injected at 0.1 em®/hr for about 1
0.11 em®/hr for 0.085 cm®/hr for PVI
about 1 PVI about 1 PVI
Chase Case 1: Reservoir Case 2: Reservoir Case 3: Reservoir brine
brine brine was injected brine was injected was injected at 0.1 cm®/
stage at 0.11 em®/hr at 0.085 cm®/hr hr

sample was measured by inductively coupled plasma mass spectrometry
(ICP-MS).

2.5. Material balance analysis

The material balance for dynamic imbibition experiments with
fractured cores was used to analyze the mass transfer between fracture
and matrix as in Argiielles-Vivas et al. [37]. This section presents the
main procedure of the material balance analysis.

Three components considered in the material balance analysis were
brine, oil, and formate. The system consists of two sub-volumes: fracture
and matrix. Only the fracture volume is connected to an inlet (injector)
and an outlet (producer), and any mass transfer between the two sub-
volumes occurs via the fracture-matrix interface. Other assumptions
include constant temperature and no effect of calcite dissolution on the
material balance for the three components considered in the analysis.
Although calcite dissolution will induce species, such as Ca®>* and CO%",
the focus of the analysis is on the main (pseudo) components, brine, oil,
and formate in this paper. Details of aqueous speciation require addi-
tional experiments and therefore, they are outside the scope of the
current paper.

Three components are labeled as follows: component 1 for brine, 2
for oil, and 3 for formate. The mass balance equations for a given time
interval At are

AMy; = Mg + Mj; + Mp; )
AMmi = 7Mli (8)

for the fracture and matrix volumes, respectively. AMg and AMyy,; are the
change in mass for component i in the fracture and matrix volumes,
respectively. My is the net mass transfer from the matrix to the fracture
for component i. Mj; and Mp; are the mass of component i going into the
fracture from the injector and producer, respectively. Fig. 5 shows the
mass balance for dynamic imbibition. The positive direction goes from
the matrix to the fracture volume.

Under the assumption of steady state flow in the fracture volume,
AMjy in equation (7) is zero; that is,

0 = M; + Mj + Mp; ©

Since Mj3 and Mp3 are calculated by the formate concentration in the
injection and production fluids, the net mass transfer M3 can be ob-
tained by equation (9).

To see the effectiveness of the formate imbibition into the matrix
volume, the apparent imbibed fraction of component i (F;) given as

—M;

F =
My

(10)

represents the fraction of component i that is transferred from the
fracture volume to the matrix volume. F is the imbibed fraction of brine
and F3 is the imbibed fraction of formate. F; is not important because no
oil was injected in the experiment.

The average concentration (weight percent) of the formate compo-
nent in aqueous phase in the matrix volume can be calculated as

Matrix

My

Mj— Fracture M — MPi

Fig. 5. Schematic for the mass balance analysis for dynamic imbibition with a
fractured core.
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—Mg

_ Ms an
—My — Mg + M

Wi

where Mj; is the mass of initial water in the core. The summation of My,
M3 and Mj; is the total mass of aqueous phase in matrix. This parameter
is calculated on the cumulative base. The apparent concentration of
formate in the imbibed water phase can be obtained by

M;;
w,

_ _ (12)
77 My + Mg

Note that this is also an “apparent” concentration because compo-
nents 1 and 3 transfer independently between the two sub-volumes.
These parameters help analyze the transfer of components as will be
discussed in the Results section.

3. Results and discussion
3.1. Stability test

Fig. 6 shows the histories of solution pH values during the stability
test. The 20 wt% formate solution showed a nearly constant pH value
around 7 for more than 30 days, indicating that there was no reaction
occurring within the solution. The other two solutions with calcite
showed the equilibrium pH value near 9, indicating the calcite disso-
lution that caused bicarbonate (HCO3) and increased the solution pH.

No precipitation was observed in the solutions with and without
calcite during the entire aging period at 85 °C, indicating the stability of
the formate solutions tested. Fig. 7 shows that the calcite powder was
consumed more in the 20 wt% formate solution than in the brine during
the stability test. Note again that the same amount of calcite was added
to these two solutions in the preparation process. This result indicates
that calcite dissolution occurs in the 20 wt% formate solution more than
in the NaCl brine, starting at a neutral pH as shown in Fig. 6.

3.2. Wettability alteration test

Fig. 8 shows calcite plates during the wettability alteration test. For
the brine case, no obvious change of the surface oil was observed after
6 days of immersion. The calcite surface was still oil-wet, indicating that
brine was not effective in altering the wettability. For the calcite plate
that was immersed in 30 wt% formate solution, however, the color of the
calcite plate became lighter in some parts after 6 days. The wettability
alteration by 30 wt% formate solution was more rapid than the wetta-
bility alteration by 5 wt% formate + HCI, as indicated by the color of the
calcite surface. No change on the calcite plate surface was observed for
5 wt% formate. Results indicate that a higher concentration of formate
led to more rapid calcite dissolution and therefore, wettability

9.5

-o-20 wt% formate in brine

6.5 -o-Brine + Calcite
-e-20 wt% formate in brine + Calcite
6 1 L 1 1 1
0 5 10 15 20 25 30

Aging time, days

Fig. 6. Solution pH values during the stability test for the 20 wt% formate
solution in the NaCl brine with and without calcite and the brine with calcite.
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Difference
in calcite
level

Fig. 7. Calcite powder was consumed more in the 20 wt% formate solution
(right) than in the NaCl brine (left) during the stability test at 85 °C.

alteration.

Fig. 9 shows the results of wettability alteration test with cores. No
oil was observed on the top surface of the core in brine, but oil was
recovered from the top surface for the other three formate cases. On day
6, a certain amount of oil was produced from the cores only in formate
solutions, and the brine case almost remained the same as day 0. This
indicates that formate was effective in altering wettability of the oil-wet
porous media. The kinetics of wettability alteration for 30 wt% formate
solution was much faster than 5 wt% formate + HCI solution, which in
turn was faster than 5 wt% formate solution. Although Baghishov et al.
[31] suggested using formate solution at a reduced pH by HCI for
wettability alteration of oil-wet carbonate rocks, such a reduced pH was
not required for 30 wt% formate solution to exhibit the wettability
alteration. The solution pH affects the concentration of formate ion, and
based on Equation (1) the formate concentration is 8.88 mol/L for 30 wt
% formate solution with a pH of 7 and 1.18 mol/L for 5 wt% formate
solution with a pH of 6.

During the wettability alteration test, CO, bubbles were observed on
the surface of cores, as shown in Fig. 10. CO, bubbles were also observed
on the side surface for 5 wt% formate + HCl and 30 wt% formate case in
Fig. 9. However, no bubble was found for the brine case. Such CO5
bubbles were produced where oil came out of the core, indicating the oil
production by wettability alteration induced by calcite dissolution.

3.3. Dynamic imbibition and material balance

3.3.1. Coreflood #1 (30 wt% formate at a pH of 7)

Fig. 11 shows the oil recovery factor and pH of effluent samples for
coreflood #1. The brine was injected into the core for 1.07 pore volumes
(PVs), which was followed by the 30 wt% formate stage for 1.04 PVs.
Finally, 1.54 PVs of chase brine was injected until the end of the
experiment.

The oil recovery at the end of the brine stage was 12.9 %. In this
stage, the water breakthrough occurred before 0.08 PVI because brine
was displacing oil in the fracture, the volume of which was smaller than
the pore volume. The pH of effluent samples fluctuated between 7.3 and
7.6 as the calcite dissolution was not significant with the injected brine.

The oil recovery increased rapidly at the beginning of the formate
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Day 6

Fig. 8. Wettability alteration test with calcite plates on day 0 and day 6.

solution stage, indicating the water imbibition expelling oil from the
matrix volume. The pH of effluent samples increased from 7.4 to 8.6 and
leveled off below the equilibrium pH shown in Section 3.1. Note again
that the pH of the injected formate solution was adjusted to 7 according
to equation (1). Therefore, the increased pH was a result of the calcite
dissolution in response to the formate solution injection. The oil re-
covery kept increasing until the formate injection was terminated. The
incremental oil recovery for the formate stage was 6.8 %.

The oil recovery factor continued to increase in the initial part of the
chase brine stage. Then, the ultimate incremental oil recovery was
9.1 %. The pH of effluent samples decreased gradually until the exper-
iment was terminated.

Fig. 11 indicated that the injection of 30 wt% formate solution
produced much more oil than the brine injection. Among several po-
tential mechanisms, previous sections suggested wettability alteration
induced by calcite dissolution should have caused the enhanced oil re-
covery by this highly concentrated formate solution. Note that
Baghishov et al. [31] studied only 5 wt% formation solutions with and
without HCI for adjusting the solution pH as described in the introduc-
tion section.

Fig. 12 shows the concentration of calcium in the effluent samples
measured by ICP-MS for coreflood #1. The average concentration of
calcium in the brine stage was about 47 ppm, whereas it increased
significantly to 840 ppm in the formate solution stage. This result sup-
ports the occurrence of calcite dissolution during coreflood #1. The
concentration of calcium during the formate stage was 18 times as large
as that in brine stage. Even in the chase brine stage, the concentration of
calcium was still as high as 695 ppm.

Fig. 13 shows the apparent imbibed fraction of brine (component 1)
and formate (component 3). For the brine stage, a small amount of brine
transferred from the fracture to the matrix according to the initial
wetting state of the matrix. The oil in the matrix was expelled by the
imbibed brine because of the volume balance in the matrix. However,
the brine imbibition diminished with the continued brine injection (F;
was 0.006). For the formate stage, formate began to transfer from the
fracture to the matrix (F3 was high at the beginning). This rapid imbi-
bition of formate occurred likely because a large concentration gradient
existed between the two sub-volumes. Fs remained high during the
formate solution stage and decreased to 0.15 after 1 PVI of formate

solution. F; in the formate solution stage was evidently greater than that
in the brine stage, which indicated that the water imbibition was
enhanced by formate. For the chase brine stage, brine continued to be
imbibed as F; was still about 0.05.

The amount of injected and produced formate were calculated to
show the formate retention in the core. Baghishov et al. [31] reported
the adsorption of formate in a Texas Cream limestone was 0.11 mg per
gram of rock. Fig. 14 illustrates the accumulation of formate for core-
flood #1. The retention of formate in the core was 1.54 g at the end of
coreflood #1, which was much greater than 0.0216 g, the amount of
adsorption using the mass of the dry core, 196.4 g. This result confirmed
the mass transfer of formate between the fracture and matrix sub-
volumes. A significant amount of formate retained in the matrix,
which was desirable for carbon storage when the formate solution was
used as an aqueous carbon carrier.

Fig. 15 illustrates the average formate concentration in the matrix
volume for coreflood #1. The concentration of formate increased
steadily after the formate stage started because of the efficient mass
transfer as previously stated. This efficient transfer of formate into the
matrix volume is advantageous when formate solution is injected for
geological carbon storage. It reached a maximum of 23.5 wt% in core-
flood #1. Even after the chase brine stage, the average concentration of
formate in the matrix was still 8 wt%. This result was consistent with the
large amount of retention as shown in Fig. 14.

Fig. 16 shows the apparent concentration of formate in the imbibed
water for coreflood #1. Note again that this was an apparent value
because it was calculated using the net transfer of formate and brine.
Fig. 16 indicates that the maximum apparent concentration reached
more than 60 wt%, which was far more than the solubility of formate in
brine. Hence, water transferred not only from the fracture to the matrix
sub-volume, but also in the opposite direction. The transfer of water
from the matrix (low salinity) to the fracture volume (high salinity) is
often called osmosis in the literature, in which oil is viewed as the semi
membrane that water could pass through, but chemicals could not
[40,41].

3.3.2. Coreflood #2 (5 wt% formate at a pH of 7)
Fig. 17 shows the oil recovery factor and pH of effluent samples for
coreflood #2. The NaCl brine was injected for 1.03 PV, and then 5 wt%
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5 wt% formate

5 wt% formate
+ HCI

30 wt% formate

Fig. 9. Wettability alteration test with cores on day 0 and day 6. The bubbles shown in the photo of 5 wt% formate + HCI solution on day O were air bubbles
generated during the preparation of experiment. They were removed carefully by needle on day 4.
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Fig. 11. Oil recovery factor and pH of effluents for coreflood #1.

formate solution for 1.03 PV. Finally, the chase brine was injected for
0.48 PV until no more oil was produced.

The oil recovery at the end of brine stage was 10.3 %, which was
slightly smaller than coreflood #1. The pH values of effluent samples
ranged between 7.1 and 7.4, which were close to the values in the brine

Fig. 10. CO; bubble produced in the wettability alteration test.
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Fig. 12. Oil recovery factor and concentration of calcium for coreflood #1.
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Fig. 13. Oil recovery factor and apparent imbibed fraction of brine (component
1) and formate (component 3) for coreflood #1.
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Fig. 14. The accumulation of injected and produced formate for coreflood #1.

stage for coreflood #1.

The formate solution stage showed a sudden increase in oil recovery
at the beginning as was the case with coreflood #1. This confirmed that
the water imbibition drove out the oil from the matrix upon the injection
of the formate solution. The pH of effluent samples increased from 7.3 to
8.1 and reached a plateau, which was close to the reported value with
5 wt% formate from Baghishov et al. [31]. The oil recovery stopped
increasing after 0.59 PVI of the formate solution. The pH of effluent
samples decreased gradually in the chase brine stage until the experi-
ment was terminated. The final incremental oil recovery for coreflood
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Fig. 16. Apparent concentration of formate in the imbibed water for core-
flood #1.
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Fig. 17. Oil recovery factor and pH of effluents for coreflood #2.

#2 was 2.9 %. In this coreflood case, the calcite dissolution seemed to be
weak because of the low concentration of formate; therefore, the in-
cremental oil recovery was much smaller than coreflood #1.

The weaker calcite dissolution in coreflood #2 was supported by the
measured concentrations of calcium in effluent samples as shown in
Fig. 18. The concentration of calcium in the selected sample from the
brine stage was 28 ppm, which was close to that for coreflood #1. The
concentration of calcium in the formate solution stage increased grad-
ually to 222 ppm, which was much smaller than 840 ppm in coreflood
#1 (Fig. 12).
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Fig. 19. Oil recovery factor and apparent imbibed fraction of brine and formate
for coreflood #2. Note that the volumes of effluent samples were much smaller
than expected from the injection rate after 1.5 PVI because of the water
evaporation from the effluent samples. Therefore, the volume of water in ef-
fluents was obtained by the volume balance, the difference between the
injected volume and the produced oil volume.

Fig. 19 shows the apparent imbibed fractions of brine (component 1)
and formate (component 3). For the brine stage, the mass transfer
behavior was similar to coreflood #1 with F; of 0.02. For the formate
solution stage, F3 was much smaller than that in coreflood #1 at the
beginning. This was expected because the concentration gradient of
formate was not as high as coreflood #1. F3 increased between 1.56 and
1.88 PVI while F; was below 0.1, possibly because of the transient
driving force, e.g., the formate concentration gradient between the
matrix and fracture volumes. F3 decreased to 0.07 after 1 PVI of formate
solution. F; in the formate solution stage was still greater than that in the
brine stage, but decreased rapidly after 1.17 PVI. Hence, the water
imbibition was enhanced, although the effect was much limited. For the
chase brine stage, F; was close to 0, which indicated the water imbibi-
tion diminished.

Fig. 20 shows the accumulation of formate for coreflood #2. The
retention of formate in the core was 0.13 g at the end of coreflood #2,
which was greater than 0.0192 g, the amount of adsorption using the
mass of the dry core, 174.95 g. The retention of formate in this case was
much smaller than that in coreflood #1 because of the limited mass
transfer between the fracture and the matrix sub-volumes. Fig. 21 il-
lustrates the average formate concentration in the matrix for coreflood
#2. The maximum concentration of formate was 2.49 wt%, but it
decreased to 1.29 wt% at the end of this experiment. Baghishov et al.
[31] concluded that the wettability alteration of 5 wt% formate solution
was ineffective without pH adjustment by HCl, which was consistent
with results in this section.
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Fig. 20. The formate accumulation for coreflood #2.
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Fig. 21. The average formate concentration in the matrix for coreflood #2.
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Fig. 22. Apparent concentration of formate in the imbibed water for core-
flood #2.

Fig. 22 shows the apparent concentration of formate in the imbibed
water for coreflood #2. The apparent concentration reached 20 wt%
because the transfer of brine from the matrix to the fracture sub-volume
also existed as discussed in the previous section. Again, the great
apparent concentrations between 1.56 and 1.88 PVI were consistent
with the values of F3 in Fig. 19. The apparent concentration was only
5.87 wt% at the end of the formate solution stage likely because of the
weaker wettability alteration.
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Fig. 23. Oil recovery factor and pH of effluents for coreflood #3.

3.3.3. Coreflood #3 (5 wt% formate at a pH of 6)

Fig. 23 shows the oil recovery factor and pH of effluent samples for
coreflood #3. The NaCl brine was injected for 0.96 PVs, and then the
formate solution was injected for 1.05 PVs. Finally, the chase brine was
injected for 1.24 PVs until the end of the experiment.

The oil recovery at the end of the brine stage was 14.3 %. The pH of
effluent samples ranged between 7.2 and 7.5. The formate solution stage
showed a rapid increase in oil recovery at the beginning similarly to the
other corefloods, and the pH of effluent samples increased from 7.4 and
leveled off around 8.3. The stabilized pH was slightly greater than that in
coreflood #2, which resulted from more calcite dissolution during the
formate solution stage. Unlike in coreflood #2, however, the oil recov-
ery kept increasing until the formate solution injection was terminated.
The incremental oil recovery for the formate solution stage was 4.1 %.

The oil recovery factor continued to increase in the chase brine stage,
indicating that brine continued to be imbibed into the matrix sub-
volume. The ultimate incremental oil recovery was 7.0 % in coreflood
#3. The pH of effluent samples decreased gradually until the experiment
was terminated.

As shown in Fig. 24, the concentration of calcium in the brine stage,
46 ppm, was close to the concentrations in the other two corefloods. It
then increased to 281 ppm in the formate solution stage, which was
greater than that for coreflood #2, but much smaller than that for cor-
eflood #1. The effluent calcium concentrations are positively correlated
with the incremental oil recovery factors in the three experiments.

Fig. 25 presents the apparent imbibed fraction of brine (component
1) and formate (component 3). F; gradually decreased until the end of
the brine stage, and then increased to 0.28 in the formate solution stage,
indicating the enhanced water imbibition by formate. F3 was 0.11 in the
formate solution stage and was 0.1 after 1 PVI of formate solution; that
is, formate still transferred into the matrix and recovered oil from the
matrix. In the chase brine stage, F; was 0.1 and brine continued to be
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Fig. 24. Oil recovery factor and concentration of calcium for coreflood #3.
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Fig. 25. Oil recovery factor and apparent imbibed fraction of brine and formate
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Fig. 26. Cumulative amounts of the injected and produced formate for core-
flood #3.

imbibed into the matrix, resulting in the gradual oil recovery.

Fig. 26 presents the formate accumulation during coreflood #3 by
the gap between the two curves. The retention of formate in the core was
0.087 g at the end of the experiment, which was greater than 0.022 g,
the amount of adsorption using the mass of the dry core, 201.88 g. The
retention of formate in this case was slightly smaller than coreflood #2
because a larger amount of chase brine was injected for coreflood #3
although they used the same formate concentration, 5 wt%. As shown in
Fig. 27, the formate concentration reached 2.1 wt%, and then decreased
to 0.41 wt% at the end of this experiment. Although the formate

25
£
c
2 2 L
I
|
o 2
£15 |
§;
gk
EE 1 ¢
S
[
g 05
g
&
o ! 1 Il
0 1 2 3 4
PVI

Fig. 27. Average formate concentration in the matrix for coreflood #3.
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concentration in the matrix in coreflood #3 was as low as that in core-
flood #2, coreflood #3 resulted in a greater oil recovery factor likely
because the reduced pH by HCI contributed to the wettability alteration,
as Baghishov et al. [31] showed in their paper.

Fig. 28 shows the apparent concentration of formate in the imbibed
water for coreflood #3. It reached 20 wt% and then decreased to 3.5 wt
%. Similarly, the transfer of water from the matrix to fracture volume
also existed as discussed before. The apparent concentration was stable
after 1.2 PVI, indicating a stable water imbibition from fracture and
matrix.

3.4. Discussion

This section discusses the comparison among the three corefloods
given in the previous section. The comparison is focused on the effects of
formate concentration and solution pH on wettability alteration.

3.4.1. Scaling oil recovery curves

Fig. 29 (a) compares the oil recovery behavior of three corefloods in
terms of PVI. Since the three corefloods used different cores, the oil
recovery curves needed to be scaled. Although there are mathematical
models for dynamic imbibition (e.g. [42]), a proper scaling process
required many parameters, some of which were not available in this
research. Because the injection flow rates into the fracture volume were
small, a scaling equation for static imbibition was used [43]. This scaling
equation was originally proposed for strongly water-wet systems, but
Mirzaei-Paiaman et al. [44] showed its applicability to other wetting
states, for example, mixed wet rocks. Note that the three coreflood tests
were comparable in terms of injection flow rate, system geometry, and
fracture properties. This further supports use of this static imbibition
scaling equation as

; k o 2
e L2 p, + HH,

where t is the imbibition time, k is the matrix permeability, ¢ is the
matrix porosity, o is the interfacial tension between oleic and aqueous
phase, u,, is the viscosity of the water phase, and y, is viscosity of the oil
phase. L is characteristic length
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where V,, is the matrix bulk volume, A; is the i-th surface area that is
open to imbibition, and l, is the distance from the i-th surface to the no-
flow boundary.

The scaled oil recovery curve is shown in Fig. 29 (b). Coreflood #1
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Fig. 29. Comparison of oil recovery for three corefloods in terms of (a) PVI and
(b) dimensionless time.

gave the fastest oil recovery. The oil recoveries at the end of corefloods
#1 and #3 were clearly higher than that of coreflood #2, indicating the
wettability alteration in these two cases.

3.4.2. Effect of formate concentration

Figs. 11 and 17 show that coreflood #1 yielded a much greater oil
recovery factor than coreflood #2. The solution pH in the formate so-
lution stage was 8.6 for coreflood #1 and 8.1 for coreflood #2. The
calcium concentration at the effluent was 840 ppm in coreflood #1 and
222 ppm in coreflood #2. These results make it reasonable to conclude
that a greater formate concentration contributed to a greater level of
calcite dissolution and wettability alteration, which in turn enhanced
the water imbibition to expel the oil from the matrix sub-volume.

At the end of the formate solution stage, F3 was 0.15 for coreflood #1
and 0.07 for coreflood #2. F; increased to 0.54 for coreflood #1 at the
beginning of formate stage, which was much greater than 0.18 for cor-
eflood #2. That is, the mass transfer of formate and brine between the
fracture and the matrix sub-volumes was more effective with a greater
concentration of formate. Consequently, a greater concentration of
formate resulted in a greater level of retention of formate in the matrix,
which contributes to geological carbon storage if formate is viewed as a
carbon carrier.

The concentration of formate in the matrix cannot be greater than
that in the injected fluid; hence, the average formate concentration in
the matrix was only 2.49 wt% at most in coreflood #2 as shown in
Fig. 21. This concentration is less than a half of the concentration in the
injected fluid, 5 wt%. This is consistent with Baghishov et al. [31] who
concluded that 5 wt% formate solution with no pH adjustment did not
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have a clear impact on calcite wettability.

3.4.3. Effect of pH

The only difference between corefloods #2 and #3 is the solution pH:
7 for coreflood #2 and 6 for coreflood #3. The oil recovery factor was
greater in coreflood #3 than in coreflood #2 (Figs. 17 and 23). The pH at
the end of the formate solution stage was 8.1 for coreflood #2 and 8.3
for coreflood #3. The calcium concentration in effluent samples was
222 ppm for coreflood #2 and 281 ppm for coreflood #3. Hence, a
reduced pH in the injected formate solution contributed to a greater
level of calcite dissolution, enhancing the water imbibition. F; and F3 for
two cases were close to each other, indicating the mass transfers be-
tween fracture and matrix were similar.

Increasing the concentration of H" moved the calcite dissolution
reaction so that calcite dissolution could be induced. As a result, a
reduced pH of formate solution could yield a higher oil recovery factor if
a low concentration of formate (e.g., 5 wt% as in Baghishov et al.[31])
was used.

3.4.4. Two potential mechanisms of wettability alteration by formate
solution

Based on results from this research and Baghishov et al. [31], 5 wt%
formate solution showed wettability alteration via a slightly increased
level of calcite dissolution with a pH adjustment as quantified by the
calcium concentrations at the effluent. However, results in this research
suggested that wettability alteration by formate solution also occurs by
an elevated concentration of formate even at a neutral pH. It is hy-
pothesized that decreasing the initial solution pH induces calcite
dissolution to increase the concentrations of HCO3 and Ca?* in the so-
lution, but increasing the formate concentration does so to increase the
concentrations of formate species, such as Ca(HCOO), and Ca(HCOO)™"
in the solution and adsorbed formate species on the rock surface. These
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species would not occur without adding formate to the solution. Fig. 30
schematically shows the aforementioned mechanism of wettability
alteration by formate solution.

The substantial level of incremental oil recovery in coreflood #1
(Fig. 11) and the rapid imbibition of formate into the matrix (Fig. 15)
indicate that formate can contribute as a wettability alteration agent for
EOR and/or as a carbon carrier for geological carbon storage. Increasing
the formate concentration is advantageous for both purposes.

4. Conclusions
The main conclusions of this paper are as follows:

1. The 20 wt% formate solution in 15000 ppm NaCl brine was stable at
85 °C with no change in pH for more than 30 days. The 20 wt%
formate solution and the base NaCl brine showed essentially the
same pH history with calcite powder, where calcite dissolution
caused the solution pH to increase to a stable value near 9. However,
the amount of dissolved calcite was greater with 20 wt% formate
than without formate in the bottle tests at 85 °C. None of the samples
studied in this research showed solid precipitation.

2. The wettability alteration experiments showed that formate solu-
tions could change the wettability of calcite plates to a more water-
wet state and result in more oil recovery as also confirmed in
corefloods.

3. Material balance of coreflooding data indicated that water imbibi-
tion into the matrix was enhanced by the formate solution injection,
and therefore, part of the oil in the matrix was expelled and pro-
duced. The imbibition of formate into the matrix was most signifi-
cant in coreflood #1. A large gradient in formate concentration from
the fracture to the matrix sub-volume likely caused the rapid mass
transfer. Calcite dissolution was caused by the increasing formate

Solution HCOO" . Ca(HCOO)*
a 2 HCOO"
(o> €0,
: Ca%
HCO, Ca(HCO00), -
Calcite Dissolution Ca(HCO0), a(HCOO)
H OH = o\ FH( H ot “( ot

®@E)E ©lE ©®

Calcite
(a)
i HCO," -
Solution . Ca?* 3 Ca?* Hcoo-  CalHCoo)
cOo.> HCOO- Ca(HCOO)Z c032-

= o o o

(o) @) @

o o O

== - -

_ | | . [

H OH OH, H OH, OH,
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Fig. 30. Wettability alteration mechanism by formate solution: (a) Calcite dissolution induced by an elevated formate concentration and/or decreased pH and (b)

wettability alteration by the adsorption of formate on the rock surface.
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concentration, and then, formate species in the matrix acted as the
wettability modifier to enhance water imbibition, which in turn
expelled the oil in the matrix.

4. The mechanisms of wettability alteration by formate solution include
calcite dissolution as confirmed by elevated concentrations of cal-
cium at the effluent in the formate solution injection stage for three
dynamic imbibition experiments. We showed for the first time that
wettability alteration involving calcite dissolution can occur at a
neutral pH of 7 with an elevated concentration of formate.

5. The incremental oil recovery factor was 9.1 % for 30 wt% formate
(pH = 7), 2.9 % for 5 wt% formate (pH = 7), and 7.0 % for 5 wt%
formate + HCI (pH = 6). A greater oil recovery factor resulted from a
greater concentration of formate and a reduced pH.
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