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Summary

Water is the most dominant component in steam-based oil-recovery methods, such as steam-assisted gravity drainage (SAGD). The
central question that motivated this research is whether in-situ bitumen transport in SAGD can be substantially enhanced by generating
oil-in-water emulsion, in which the water-continuous phase acts as an effective bitumen carrier. As part of the initial stage of the
research project, the main objective of this paper is to present the ability of organic alkali to form oil-in-water emulsions that are sub-
stantially less viscous than the original bitumen. Diethylamine (DEA) was used as the organic alkali in this research.

Experimental studies were conducted for emulsion phase behavior and viscosity for mixtures of Athabasca bitumen, DEA, and
sodium chloride (NaCl) brine. Experimental variables included brine salinity, alkali concentration, water/oil ratio (WOR), temperature,
and sample-aging time.

The phase-behavior study indicated that conditions conducive to oil-in-water emulsions are low alkali concentrations at salinities less
than 1,000 ppm. For example, a single phase of oil-in-water emulsion was observed for 0.5, 1.0, 2.0, and 5.0 wt% DEA with WOR of 7:3
with no NaCl. The emulsion for 0.5 wt% DEA, 1,000 ppm NaCl, and WOR of 7:3 was a single-phase oil-in-water emulsion at tempera-
tures up to 403 K at 35 bar. At lower temperatures, 323 and 298 K, flocculation of emulsions in these samples resulted in the separation
between the bitumen-rich and water-rich oil-in-water emulsions. However, essentially all bitumen content was measured from the
bitumen-rich oil-in-water emulsion. The oil contents in these emulsions were more than 70 vol% at 298 K and 57 vol% at 323 K.

Viscosities of these oil-in-water emulsions ranged between 85 and 115 cp at 1.0 seconds–1 and between 31 and 34 cp at 10.0 seconds–1,
at 323 K. At 298 K, they ranged between 105 and 250 cp at 1.0 seconds–1 and between 48 and 74 cp at 10.0 seconds–1. Results in
this research show that, compared with the original bitumen, bitumen-rich oil-in-water emulsions were less viscous by three to four
orders of magnitude at 298 K, and less viscous by two orders of magnitude at 323 K.

Introduction

SAGD is widely used for in-situ recovery of bitumen. In SAGD, steam is injected into the bitumen reservoir through an (upper) hori-
zontal well and forms a steam-saturated zone that is called the steam chamber. At the edge of a steam chamber, the vapor (V) phase
condenses, and releases its latent heat. The heated oil and steam condensate drain by gravity to the (lower) horizontal well, which is 4
to 8 m below and parallel to the injection well. The main drawbacks of SAGD are the significant use of energy and water resources
required to generate steam. There is also a large amount of carbon dioxide emission associated with the steam generation.

A widely used parameter to quantify the energy efficiency of steam-injection processes is the cumulative steam/oil ratio (CSOR),
defined as the ratio of the cumulative volume of steam injected (cold water equivalent) to the cumulative volume of bitumen produced.
For SAGD to be economically feasible, the energy efficiency measured by CSOR is generally in the range of 3 to 5 m3/m3. It is desira-
ble to operate at low chamber temperatures while maintaining economically sustainable rates of oil production so that the CSOR can be
reduced. However, SAGD is expected to be even less energy efficient for highly heterogeneous reservoirs to be developed for meeting
ever-increasing energy demand (Venkatramani and Okuno 2018). Thus, there is a critical need from both environmental and economic
perspectives to reduce CSOR in SAGD.

The volume of produced water is at least a few times greater than the volume of produced oil in SAGD and other steam-based meth-
ods (e.g., CSOR of 3 to 5 m3/m3). That is, water is by far the most dominant component in these oil-recovery methods (Zhu and Okuno
2016). It is important to consider how we can use the water component and/or the aqueous (W) phase to improve the efficiency of
steam-based oil-recovery methods. The W (condensed-water) phase is not currently used for in-situ bitumen transport. Rather, the pres-
ence of the W phase adversely affects the oleic-phase (L-phase) mobility by reducing the L-phase relative permeability (Sharma and
Gates 2010; Shi and Okuno 2018).

The central hypothesis in this research is that organic alkalis can enhance in-situ bitumen transport in SAGD. Organic alkalis are
expected to have several mechanisms to improve the conventional SAGD when injected with steam. First, organic alkalis create a
high-pH solution (pH higher than 11) when mixed with liquid water, which is abundant near the edge of a steam chamber. Then, the W
phase with high pH value is expected to generate natural surfactants in situ by reacting with acidic components that are commonly pres-
ent in heavy oil and bitumen. The manner in which in-situ surfactants act varies depending on the phase behavior. However, steam-
based recovery methods usually yield low-salinity conditions near thermal fronts, where steam condensate makes for high water satura-
tions. At low-salinity conditions (e.g., less than 1,000 ppm), in-situ surfactants might form an oil-in-water emulsion, which transports
bitumen as part of a water-continuous phase instead of a viscous L phase. In many studies, it was found that lower salinity is more
favorable for creating oil-in-water emulsions than water-in-oil emulsions, with the other conditions being fixed (Cooke et al. 1974;
Healy et al. 1976; Bera et al. 2012; Al-Yaari et al. 2015; Fortenberry et al. 2015; Bahmanabadi et al. 2016; Sharma et al. 2018).

Second, once organic alkali is condensed near the edge of a steam chamber, it can also act as a diluent for the bitumen. That is, the
excess amount of organic alkali residing in the L phase can reduce the bitumen viscosity, in addition to the potential mechanisms associ-
ated with in-situ surfactants.
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Third, organic alkalis would largely be consumed in the reactions for natural surfactants; that is, there would be little or no need to
recycle the injectant, unlike the conventional solvent SAGD using alkane-based solvents.

Many researchers have studied the emulsification of heavy oil using different methods for different purposes, as described here.
Alkali injection for heavy-oil recovery has been studied in waterflooding processes, such as alkaline/surfactant, alkaline/surfactant/
polymer, and alkaline/cosolvent/polymer flooding (Liu et al. 2006, 2007; Bryan and Kantzas 2007a, b; Bryan et al. 2008; Dong et al.
2009; Kumar et al. 2012; Pei et al. 2013; Fortenberry et al. 2015; Zhang et al. 2016; Xiao et al. 2017; Sharma et al. 2018). In these prior
studies, different combinations of alkalis, salts, surfactants, cosolvents, and polymers were tested to achieve in-situ conditions for ultra-
low interfacial tension (IFT). For pipeline transportation of heavy oil, oil-in-water-emulsion viscosity was studied with different surfac-
tants, alkalis, and solvents at different WORs and shear rates (Ghannam and Esmail 2007; Ashrafizadeh and Kamran 2010; Hasan et al.
2010; Abdurahman et al. 2012; Ashrafizadeh et al. 2012; Ghannam et al. 2012).

Surfactants have been also studied as steam additives for SAGD and cyclic steam stimulation (Srivastava and Castro 2011; Gupta
and Zeidani 2013; Lu et al. 2017). These researchers used commercially available hydrophilic viscosity reducers (Lu et al. 2017),
hydrophilic surfactants (Gupta and Zeidani 2013), and thin-film-spreading agents (Srivastava and Castro 2011) to form oil-in-water
emulsions or to demulsify water-in-oil emulsions to enhance bitumen transport. The potential mechanisms for lowering CSOR by
injecting these surfactants with steam include the wettability alteration from oil-wetting to more water-wetting, and reduction of IFT.

Inorganic alkali has been studied for oil-in-water emulsification by natural surfactants (Acevedo et al. 2001; Ashrafizadeh et al.
2012). With no additional surfactants or solvents, these studies used sodium carbonate to activate natural surfactants and create oil-in-
water emulsions from Iranian heavy crude oil (Ashrafizadeh et al. 2012) and Cerro Negro bitumen (Acevedo et al. 2001). In both
studies, oil-in-water emulsions were observed at the sodium carbonate concentration range from 2,000 to 10,000 ppm.

To our knowledge, Kim et al. (2017) is the only research published on alkali/steam coinjection for SAGD. They injected steam with
an alkali (not specified) into a micromodel chip, and observed significantly increased oil recovery by creating oil-in-water emulsions.
Although the size of emulsion droplets was studied, Kim et al. (2017) did not study the phase behavior and rheology of emulsions cre-
ated in their experiment.

Bitumen is a complex mixture of hydrocarbons containing asphaltenes and resins at high concentrations. These components are
known to interact with water and to affect emulsion behavior (Schorling et al. 1999; Yan et al. 1999; Yarranton et al. 2000; Xia et al.
2004; Kokal 2005; Yang et al. 2007; Al-Sahhaf et al. 2008; Kar et al. 2014; Gao et al. 2017; Jia and Okuno 2018). It is important to con-
duct fundamental experimental research of emulsion phase behavior and viscosity for mixtures of Athabasca bitumen, brine, and
organic alkali because such experimental research has not been presented in the literature.

As part of the initial portion of the research motivated by the hypothesis stated previously, the main questions to be addressed in this
paper are whether oil-in-water emulsions can be formed by adding the organic alkali DEA to Athabasca bitumen and NaCl brine, and,
if so, how much oil is contained in such emulsions, and how mobile are the resulting emulsions. Data for emulsion phase behavior are
obtained at different alkali concentrations, WORs, NaCl brine salinities, and temperatures for Athabasca bitumen. Such data will be
instrumental to further investigation into optimal application conditions of organic alkalis as steam additives for SAGD.

Materials and Methods

Materials. A sample of dehydrated Athabasca bitumen was used for the experiments in this research. It has a molecular weight of
532 g/mol and a density of 0.985 g/cm3 at 335 K and atmospheric pressure, as measured by Exova (Edmonton, Alberta, Canada). The
saturates/aromatics/resins/asphaltenes analysis showed the following composition: 24.5 wt% saturates, 36.6 wt% aromatics, 21.1 wt%
resins, and 17.8 wt% asphaltenes (pentane insoluble). For more information about this bitumen, Baek et al. (2018) presented viscosities
and densities of this bitumen sample at temperatures from 316 to 451 K and pressures from 1.6 to 100 bar.

The total acid number was measured to be 3.56 mg potassium hydroxide (KOH)/g oil for this bitumen sample using the method of
Fan and Buckley (2007). Cooke et al. (1974) showed that the required acid number for an alkali-based oil-recovery method was 1.5 mg
KOH/g oil. Ge et al. (2012) showed in their sandpack-flooding experiment that a higher acid number resulted in a higher oil recovery
among four oil samples with acid numbers between 1.85 and 4.66 mg KOH/g oil. Therefore, the acid number of the bitumen sample in
this research, 3.56 mg KOH/g oil, indicates that the bitumen contained a sufficient amount of acidic components to create natural sur-
factants by reacting with organic alkali.

DEA was selected as an organic alkali for this research. It has the chemical formula of (CH3CH2)2NH and molecular weight of 73 g/mol.
The DEA sample supplied by Sigma-Aldrich has a purity higher than 99.5%. DEA is one of the suitable organic alkalis that meet the
main requirements for organic-alkali/steam coinjection, and is between pentane (n-C5) and hexane (n-C6) in terms of volatility. There-
fore, it is expected to effectively propagate in the reservoir as part of the vapor phase and to condense at thermal fronts. Also, DEA
can create a high-pH aqueous phase when it partitions into the aqueous phase. Sheng (2015) studied whether a high-pH condition in
aqueous solution is favorable for creating natural surfactants by reactions of alkali with acidic components in bitumen.

For aqueous solutions, different concentrations of brine were prepared with deionized (DI) water and NaCl. DEA was confirmed to
make a high-pH aqueous solution. Table 1 summarizes that the pH values measured were between 10.4 and 11.5 for 1,000 ppm NaCl
brine with 10 different DEA concentrations of 0.5, 1.0, 2.0, 5.0, 10, 20, 30, 50, 70, and 90 wt%. NaCl was the only salt used in this
research because the salinity of produced water in SAGD (Alberta, Canada) mainly consists of NaCl and is often less than 1,000 ppm
(Petersen and Grade 2011; Razi et al. 2016).

Alkali concentration (wt%) 0.5 1.0 2.0 5.0 10

pH of aqueous phase 10.5 11.2 11.3 11.2 11.5

Alkali concentration (wt%) 20 30 50 70 90

pH of aqueous phase 11.5 11.5 11.5 11.2 10.4

Table 1—pH values at different DEA concentrations in 1,000 ppm NaCl brine, which were measured

with no bitumen at 298 K and atmospheric pressure.
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Preparation of Emulsion Samples. Emulsion phase behavior was studied at different alkali concentrations, salinities, WORs, temper-
atures, and aging times at atmospheric pressure. Because of the many experimental variables, phase-behavior tests were conducted in
two stages: general-phase-behavior scans followed by more-detailed analyses of specific samples.

The general-scan stage aimed to observe phase behavior at a broad range of conditions and to identify desired conditions in terms of
transport of oil in the form of oil-in-water emulsion. Samples were made at 10 different alkali concentrations (0.5, 1.0, 2.0, 5.0, 10, 20,
30, 50, 70, and 90 wt% in the aqueous phase) with four different salinities (0, 1,000, 30,000, and 100,000 ppm) for three different
WORs (5:5, 7:3, and 9:1). Conditions for some samples exceeded solubility limits for NaCl, such as samples with 30,000 ppm for
90 wt% DEA and 100,000 ppm for 70 and 90 wt% DEA. Also, seven samples were lost because of mechanical failure of glass pipettes,
partly caused by high volatility of DEA at 373 K. In total, 104 different samples were observed at 373 K. By measuring the basicity of
samples, all acidic components were confirmed to be consumed in the reaction with the DEA added for all samples in this research.

Each sample was prepared for 4 cm3 in an acrylic pipette of 10 cm3. The procedure for preparation of each sample is as follows.
First, the tip of a pipette was sealed by flame. Then, a specified mixture of brine, DEA, and bitumen was injected into the pipette. The
bitumen was heated up to 353 K before the injection to make it more mobile. After injecting all components, argon gas was injected
into the pipette as a blanket gas. Finally, the neck of the pipette was sealed by flame. The samples prepared were aged in an oven at
373 K for a certain time period (e.g., 3 weeks for this general scanning). During the aging period, samples were mixed four times a day.
Then, samples were allowed to rest for 2 days before reporting emulsion phase behavior at 373 K.

After the general-phase-behavior scans (as will be explained in the subsection Emulsion Phase Behavior), samples with five alkali
concentrations (0.5, 2.0, 5.0, 50, and 90 wt% in the aqueous phase) at 1,000 ppm at WOR of 7:3 were chosen for more-specific analysis.
The specific salinity, 1,000 ppm, was chosen because salinities of produced water in SAGD are generally less than 1,000 ppm. The
selected WOR, 7:3, corresponds to a typical steam/oil ratio of successful SAGD operations, representing the relative amounts of oil and
water in gravity drainage on average. For these specific samples, each sample of 8 cm3 was prepared in a 10-cm3 pipette using the same
procedure of sample preparation as in the general-scanning stage. These specific samples were observed at three different temperatures
(298, 323, and 373 K) and three different aging times (1, 2, and 3 weeks).

Analysis of Emulsion Types and Bitumen Content. Two types of emulsions, water-external and oil-external emulsions, were identi-
fied by visual observation and the method of Kumar et al. (2012). In this method, a small amount of emulsion is dropped separately into
DI water and toluene. A droplet of oil-in-water emulsion, in which water is the external phase, spreads in DI water but not in toluene.
A droplet of water-in-oil emulsion, in which oil is the external phase, behaves in the opposite way.

The oil content in oil-in-water emulsion was measured by demulsifying the emulsion with acidization. For 1 cm3 of oil-in-water
emulsion, 2 cm3 of 3.5-M hydrochloric acid (HCl) solution was added to make a total solution of 3 cm3. This mixture of emulsion and
HCl was stirred until a transparent water was separated from the bitumen. The volume of bitumen was then obtained by measuring the
volume of separated water.

Measurement of Emulsion Viscosity. Emulsion viscosities were measured for the selected samples with a salinity of 1,000 ppm and
WOR of 7:3 at five different alkali concentrations (0.5, 2.0, 5.0, 50, and 90 wt% in aqueous phase). An emulsion was sampled from the
pipette prepared for a specific sample. Then, viscosities of each sample were measured at 298 and 323 K. Measurements at higher
temperatures were avoided because of the excessive vaporization of DEA.

The ARES LS-1 rheometer from TA Instruments was used with 50-mm-diameter parallel bottom and upper plates. Different gap
sizes were selected depending on the emulsion viscosity of interest. The gap size was set to 0.4 mm for oil-in-water emulsions and
0.8 mm for water-in-oil emulsions. The range of shear rates in this research was from 0.1 to 100 seconds–1. The low limit of torque
during the viscosity measurement was set as 0.74 mN�m because viscosities measured with lower torques were not reliable.

Special care was taken to avoid shear-thinning behavior caused by using smaller sample volumes (Tagavifar et al. 2017). In addition,
a new sample was used for each measurement to avoid errors caused by the alteration of emulsion rheology through experiencing high
shear rates. Viscosities were measured immediately after loading the sample. For viscosity measurement at 323 K, however, samples
were placed in the rheometer for several minutes until the rheometer reached the target temperature.

Results and Discussion

Emulsion Phase Behavior. Figs. 1 through 3 present a summary of phase behavior and phase volumes derived from the 104 samples
(see subsection Preparation of Emulsion Samples) at 373 K after aging for 3 weeks. For Figs. 1 through 3, phase types were identified
depending on the method described previously. In general, observed phase-behavior types can be categorized into seven types, with
three types for a single phase and four types for two phases. The single-phase types observed are oil-in-water emulsion, water-in-oil
emulsion, and bitumen diluted by DEA. The two-phase types observed are oil-in-water emulsion with an excess oil phase, two oil-in-
water emulsions (bitumen-rich and water-rich), water-in-oil emulsion with an excess water phase, and water-in-oil emulsion with
oil-in-water emulsion. Note that emulsions in Figs. 1 through 3 are stable kinetically for at least 6 months, but not thermodynamically;
hence, two coexisting oil-in-water emulsions were formed through separation of the bitumen-rich and water-rich oil-in-water
emulsions, resulting from flocculation of droplets in the water-continuous phase (Bibette et al. 1992; Robins and Hibberd 1998; Ballard
et al. 2015).

General observations derived from Figs. 1 through 3 are as follows. First, oil-in-water emulsions were dominant at low alkali con-
centrations, and water-in-oil emulsion appeared with increasing alkali concentration. At alkali concentrations greater than 90 wt% in
the aqueous solution, the single phase observed was highly mobile, similar to a solvent-diluted bitumen phase. Second, the dominant
emulsion type was oil-in-water emulsion at low salinities and water-in-oil emulsion at high salinities. Third, with the WOR of 9:1
(Fig. 3), oil-in-water emulsion was lean in bitumen because of a small amount of natural surfactants. The higher salinities of 30,000 and
100,000 ppm make the effective WOR lower by forming a clearer aqueous phase. As a result, the water-in-oil emulsion dominates over
the oil-in-water emulsion.

Effects of salinity, WOR, and alkali concentration on the emulsion type presented in the literature are useful to understand the obser-
vations made in this research. Many studies have shown the inversion of oil-in-water emulsion to water-in-oil emulsion with increasing
salinity (Cooke et al. 1974; Healy et al. 1976; Bera et al. 2012; Al-Yaari et al. 2015; Fortenberry et al. 2015; Bahmanabadi et al. 2016;
Sharma et al. 2018). With increasing salinity, the interaction between water molecules and salt ions increases relative to that between
water molecules and surfactants. As a result, the IFT between emulsion and oil decreases, whereas the IFT between emulsion and water
increases with increasing salinity, as experimentally shown by Healy et al. (1976) and Bera et al. (2012).
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The inversion of oil-in-water emulsion to water-in-oil emulsion with increasing WOR has been presented by Fortenberry et al.
(2015), Bahmanabadi et al. (2016), and Sharma et al. (2018). However, the effect of WOR depends on the oil’s properties and therefore
the natural surfactants formed by the alkali. By adding different cosolvents, Fortenberry et al. (2015) altered the effect of WOR, where
oil-in-water emulsions became more dominant with increasing WOR.

Winsor (1948) showed that the addition of water-soluble organic liquid can invert oil-in-water emulsion to water-in-oil emulsion. In
this research, the excess amount of DEA could act as a cosolvent as the alkali concentration increases. Indeed, the inversion from oil-
in-water emulsion to water-in-oil emulsion was observed with increasing DEA concentration. This kind of emulsion inversion was also
found by Salager et al. (1982), in which oil-in-water emulsions were inverted to water-in-oil emulsions with increasing pentanol con-
centration at a fixed salinity and WOR.

Table 2 is provided to clearly present the transition of emulsion type (bitumen-rich phase). It shows that oil-in-water emulsion is
dominant at low salinity (0 and 1,000 ppm) and low alkali concentration (lower than 10 wt%).

The overall effect of alkali concentration, NaCl concentration, and WOR on emulsion phase behavior showed an optimal range of
conditions in terms of the dominance of oil-in-water emulsion for low alkali concentrations for salinities less than 1,000 ppm. Espe-
cially at WOR of 7:3, a single phase of oil-in-water emulsion was observed for 0.5, 1.0, 2.0, and 5.0 wt% alkali at 0 ppm and 0.5 wt%
alkali at 1,000 ppm (Figs. 4 and 5).

The emulsion at 0.5 wt% DEA with 1,000 ppm NaCl and WOR of 7:3 was selected for further analysis at 373, 403, and 443 K at
35 bar, which are relevant to the conditions near the edge of an SAGD chamber. The prepared emulsion sample was stored in an accu-
mulator (instead of a pipette) for experiments at these temperature/pressure conditions. The sample was then transferred to an in-line
densitometer (Anton Paar), and densities and saturations were measured for phases in the sample as presented in Sheng et al. (2018). As
shown in Fig. 6, single-phase oil-in-water emulsions were observed at 373 and 403 K. At 443 K, an oil-in-water emulsion was detected
with the excess oil phase. The volumetric concentration of the oil-in-water emulsion was 75 vol%. These results show that oil-in-water
emulsions can be created at temperature/pressure conditions relevant to SAGD.

Figs. 7 and 8 show phase behavior of the samples at 1,000 ppm NaCl and WOR of 7:3 at 298 and 323 K. Figs. 7 and 8 can be
compared with Figs. 2b and 5 (at 373 K). The comparison indicates that the higher temperature was more favorable for creating
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Fig. 1—Emulsion phase behavior at the WOR of 5:5 after aging at 373 K for 3 weeks. At salinities of (a) 0 ppm and (b) 1,000 ppm,
two oil-in-water emulsions (bitumen-rich and water-rich) were observed up to 10 wt%. Water-in-oil and oil-in-water emulsions were
observed from 20 wt%. Note that this water-in-oil emulsion contained nearly all bitumen. For (c) 30,000-ppm samples, a single-
phase water-in-oil emulsion was observed at low DEA concentration up to 2.0 wt%. Otherwise, water-in-oil emulsions with an
excess water-rich phase were observed. For (d) 100,000-ppm samples, water-in-oil emulsions with an excess water-rich phase
were observed. 5 single-phase water-in-oil emulsion; 5 single-phase diluted bitumen; 5 oil-in-water emulsions (bitumen-
rich) with oil-in-water emulsions (water-rich); 5 water-in-oil emulsions (bitumen-rich) with oil-in-water emulsions (water-rich);

5 water-in-oil emulsions with excess water phase.
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single-phase oil-in-water emulsion. For example, the oil-in-water emulsion with 0.5 wt% DEA at 1,000 ppm and WOR of 7:3 showed
two phases at 298 and 323 K. However, it became a single-phase oil-in-water emulsion at 373 K. At 35 bar, this oil-in-water emulsion
was still a single phase at 403 K (Fig. 6).

Bitumen Content and Viscosity of Oil-in-Water Emulsions. This subsection presents the measurements of bitumen content and the
viscosity of oil-in-water emulsions for samples at 1,000 ppm and WOR of 7:3. Phase behavior for these samples was presented in
Figs. 2 (373 K) and 7 (298 and 323 K).

The bitumen content was measured for selected samples with alkali concentrations of 0.5, 2.0, and 5.0 wt% at 298 and 323 K after
3 weeks of aging at 373 K. As shown in Fig. 7, there were two emulsions at these conditions: bitumen-rich and water-rich oil-in-water
emulsions. Measurement of oil content in each emulsion showed that the bitumen content in the water-rich emulsion was too small
to quantify (<< 0.05 cm3), and this phase was dark, but still transparent (Fig. 8). Essentially all bitumen content (2.4 cm3) in the total
8-cm3 sample was measured from the bitumen-rich oil-in-water emulsion, the volume of which was 3.3 to 3.4 cm3 at 0.5 to 5.0 wt%
DEA at 298 K, and 3.6 to 4.2 cm3 at 0.5 to 5.0 wt% DEA at 323 K (shown in vol% in Fig. 7). That is, the oil contents in these water-
external emulsions were more than 70 vol% at 298 K and 57 vol% at 323 K. The oil content in the emulsion was measured also for sam-
ples with shorter periods of aging, of 1 and 2 weeks. However, the effect of aging time on the bitumen content in the emulsion was not
observed. From these results, the identification of types “bitumen-rich” and “water-rich” for oil-in-water emulsions was made for
Figs. 1, 2, and 7.

Furthermore, emulsion viscosities were measured for samples with alkali concentrations of 0.5, 2.0, 5.0, 50, and 90 wt% at 298 and
323 K after 3 weeks of aging at 373 K. Specifically, measurements were conducted for the bitumen-rich oil-in-water emulsion at 0.5,
2.0, and 5.0 wt% DEA, water-in-oil emulsion at 50 wt% DEA, and the single-phase mixture at 90 wt% (see Fig. 7). Results are pre-
sented in Table 3 and Fig. 9. Viscosities of oil-in-water emulsion at different DEA concentrations (0.5, 2.0, and 5.0 wt%) show similar
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Fig. 2—Emulsion phase behavior at the WOR of 7:3 after aging at 373 K for 3 weeks. Single-phase oil-in-water emulsions were
observed at low DEA concentrations at salinities of (a) 0 ppm and (b) 1,000 ppm. At 0 ppm, an oil-in-water emulsion phase with an
excess oil phase was observed at 10 wt%. At 1,000 ppm, two oil-in-water (bitumen-rich and water-rich) emulsions were observed
up to 10 wt% DEA. Two-phase water-in-oil and oil-in-water emulsions were observed from 20 to 70 wt% at both 0 and 1,000 ppm.
Note that this water-in-oil emulsion contained nearly all bitumen. For (c) 30,000-ppm samples, water-in-oil emulsion with oil-in-
water emulsion or excess water-rich phase was observed. For (d) 100,000-ppm samples, water-in-oil emulsions with excess water-
rich phase were observed. 5 a single-phase oil-in-water emulsion; 5 a single-phase diluted bitumen; 5 oil-in-water emul-
sions with excess oil phase; 5 oil-in-water emulsions (bitumen-rich) with oil-in-water emulsions (water-rich); 5 water-in-oil
emulsions (bitumen-rich) with oil-in-water emulsions (water-rich); 5 water-in-oil emulsions with excess water phase.
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values at a given temperature. This trend could be caused by the similar bitumen content and volumetric concentration for all oil-in-
water emulsions. The temperature effect on the viscosity of oil-in-water emulsions is more evident at a higher shear rate (e.g., oil-in-
water emulsions at 323 K were less viscous than those at 298 K). Shear-thinning behavior was observed for all fluids studied, indicating
hydrodynamic interaction and deformation of dispersed droplets (Pal 1996; Nizamidin et al. 2015). However, the water-in-oil emulsion
at the DEA concentration of 50 wt% was only weakly shear-thinning, likely because there was only a small amount of dispersed water
in this oil-external emulsion (Pal 2000).

The main focus of observation was on the measured viscosities at shear rates less than 10.0 seconds–1, corresponding to in-situ rheo-
logical conditions. Fig. 10 shows the viscosities measured at three shear rates: 1.0, 5.6, and 10.0 seconds–1. Note again that there are
three types of fluids in Fig. 10e: bitumen-rich oil-in-water emulsions at DEA concentrations of 0.5, 2.0, and 5.0 wt%; water-in-oil emul-
sions at 50 wt%; and single-phase mixture at 90 wt%. The single-phase mixture at 90 wt% DEA showed the lowest viscosity at a given
shear rate. As expected, the oil-in-water emulsions at low DEA concentrations were less viscous than the water-in-oil emulsions at
50 wt% DEA, reconfirming the identified emulsion types. The viscosities of these oil-in-water emulsions range between 85 and 115 cp
at 1.0 seconds–1, and between 31 and 34 cp at 10.0 seconds–1 at 323 K. At 298 K, they range between 105 and 250 cp at 1.0 seconds–1 and
between 48 and 74 cp at 10.0 seconds–1.

The viscosity of the original bitumen was measured to be 9,040 cp at 323 K using the same rheometer (subsection Measurement of
Emulsion Viscosity). Newtonian behavior was confirmed for the bitumen sample, as shown in Fig. 11. At 298 K, the bitumen viscosity
was not measured by the rheometer because of the limitation in torque. However, Baek et al. (2018) presented a viscosity correlation
for this bitumen sample using measurements from an in-line viscometer; this correlation provides a viscosity of 447,000 cp at 298 K.
Results in this research show that compared with the original bitumen, bitumen-rich oil-in-water emulsions are less viscous by three to
four orders of magnitude at 298 K, and less viscous by two orders of magnitude at 323 K.

The water-in-oil emulsion at 50 wt% DEA was more viscous than the oil-in-water emulsions at the lower DEA concentrations. How-
ever, the measured viscosities of these water-in-oil emulsions were substantially lower than those of the original bitumen. They range
from 135 cp at the shear rate of 10.0 seconds–1 to 199 cp at 1.0 seconds–1 at 323 K. At 298 K, they range from 1,532 cp at 10.0 seconds–1

to 2,218 cp at 1.0 seconds–1. At 50 wt% DEA concentration, an excess amount of DEA diluted bitumen, which lowered the viscosity of
the water-in-oil emulsion.
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(b) Salinity 1,000 ppm 

(c) Salinity 30,000 ppm (d) Salinity 100,000 ppm

Water-in-oil emulsion (bitumen-rich) Water-in-oil emulsion (bitumen-rich)

Water-in-oil emulsion
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Fig. 3—Emulsion phase behavior at the WOR of 9:1 after aging at 373 K for 3 weeks. Two-phase water-in-oil and oil-in-water emul-
sions were observed for (a) 0-ppm and (b) 1,000-ppm samples. This water-in-oil emulsion contains nearly all bitumen. For
(c) 30,000-ppm and (d) 100,000-ppm samples, water-in-oil emulsions with excess water-rich phase were observed. ¼water-in-oil
emulsions (bitumen-rich) with oil-in-water emulsions (water-rich); ¼water-in-oil emulsions with excess water phase.
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Salinity 0 ppm

DEA Concentration (wt%) 
WOR 0.5 1.0 2.0 5.0 10 20 30 50 70 90

5:5 o/w o/w o/w o/w o/w w/o w/o w/o dilution dilution
7:3 o/w o/w o/w o/w o/w w/o w/o w/o w/o dilution
9:1 w/o w/o w/o w/o w/o w/o w/o w/o w/o –

Salinity 1,000 ppm

DEA Concentration (wt%) 
WOR 0.5 1.0 2.0 5.0 10 20 30 50 70 90

5:5 o/w o/w o/w o/w o/w w/o w/o w/o dilution dilution
7:3 o/w o/w o/w o/w o/w w/o w/o – dilution dilution
9:1 w/o w/o w/o w/o w/o w/o w/o w/o – –

Salinity 30,000 ppm

DEA Concentration (wt%) 
WOR 0.5 1.0 2.0 5.0 10 20 30 50 70

5:5 w/o w/o w/o w/o w/o – w/o w/o w/o 
7:3 w/o w/o w/o w/o w/o w/o w/o w/o w/o 
9:1 w/o w/o w/o – w/o w/o w/o w/o w/o 

Salinity 100,000 ppm

DEA Concentration (wt%) 
WOR 0.5 1.0 2.0 5.0 10 20 30 50

5:5 w/o w/o w/o w/o w/o w/o w/o w/o 
7:3 w/o w/o w/o w/o w/o w/o w/o w/o 
9:1 w/o w/o w/o – w/o w/o w/o w/o 

Table 2—Bitumen-rich emulsion types with respect to alkali concentration, WOR, and salinity, from 104 samples. This table clearly shows

that oil-in-water emulsion is dominant at low salinity (0 and 1,000 ppm) and low alkali concentration (lower than 10 wt%). The symbol –

indicates that the sample was not studied because of mechanical failures of the glass pipettes. o/w 5 oil-in-water emulsion; w/o 5 water-in-oil

emulsion; dilution 5 diluted bitumen (not emulsion).
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1.0
wt%

2.0
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5.0
wt%

10
wt%

20
wt%

30
wt%

50
wt%

70
wt%

90
wt%

Fig. 4—Emulsion phase behavior at different DEA concentrations with zero salinity and WOR of 7:3, after aging at 373 K for
3 weeks. From 0.5 to 5.0 wt%, a single-phase oil-in-water emulsion was created. Oil-in-water emulsions with an excess oil phase
were observed at 10 wt%. From 20 to 70 wt%, water-in-oil emulsions (bitumen-rich) with oil-in-water emulsion (water-rich)
were observed.
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Fig. 5—Emulsion phase behavior at different DEA concentrations with 1,000 ppm salinity and WOR of 7:3, after aging at 373 K for
3 weeks. For 0.5 wt%, a single-phase oil-in-water emulsion was created. Two oil-in-water emulsions (bitumen-rich and water-rich)
were observed up to 10 wt%. From 20 to 30 wt%, water-in-oil emulsions (bitumen-rich) with oil-in-water emulsion (water-rich)
were observed.
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Fig. 6—Phase behavior of oil-in-water emulsions at 373, 403, and 443 K at 35 bar. Emulsion was prepared at the DEA concentration
of 0.5 wt%, WOR of 7:3, and NaCl salinity of 1,000 ppm. At 373 and 403 K, a single-phase oil-in-water emulsion was detected with a
constant density value. At 443 K, a phase boundary was detected with two distinct densities. The volume of the oil-in-water emul-
sion at 443 K was 75 vol%.
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Fig. 7—Phase behavior of emulsions at 298 and 323 K. Other conditions are fixed at WOR of 7:3, 1,000 ppm, and aging for 3 weeks.
Unlike the 373 K samples (Fig. 2), single-phase oil-in-water emulsions were not observed. Two oil-in-water (bitumen-rich and
water-rich) emulsions were observed up to 5.0 wt% DEA concentration. At 323 K, the volume of bitumen-rich oil-in-water emul-
sions tends to increase compared with the sample at 298 K. For the 5.0 wt% DEA sample, the location of bitumen-rich oil-in-water
emulsions was changed from the bottom to the top as temperature increased. The volume ratios of water-in-oil and oil-in-water
emulsions were similar at two temperatures. 5 a single-phase diluted bitumen; 5 oil-in-water emulsions (bitumen rich) with
oil-in-water emulsions (water rich); 5 water-in-oil emulsions (bitumen rich) with oil-in-water emulsions (water rich).
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Fig. 8—Emulsion phase behavior at 1,000 ppm and WOR of 7:3 after aging for 3 weeks: (a) 298 K and (b) 323 K. These photos can
be compared with those in Fig. 5, which were at 373 K after aging for 3 weeks.
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298 K 

DEA Concentration (wt%) 0.5 2.0 5.0 50 90

Shear Rate
(seconds–1)

Viscosity 
(cp)

Viscosity 
(cp)

Viscosity 
(cp)

Viscosity 
(cp)

Viscosity  
(cp)

0.1 76.4 – 266.8 – 86.0
0.2 134.6 – 184.5 2,001.8 79.2
0.3 144.8 – 148.4 2,088.2 49.7
0.6 105.9 447.7 130.7 2,332.6 30.3
1.0 107.0 249.7 104.7 2,217.7 21.6
1.8 82.6 163.8 82.1 1,850.7 16.1
3.2 97.4 109.6 65.3 1,610.2 13.0
5.6 84.4 97.9 58.2 1,580.6 12.5

10.0 48.3 73.6 53.4 1,531.6 14.3
17.8 37.2 59.9 50.7 1,402.2 14.5
31.6 31.0 51.3 50.0 1,355.7 14.1
56.2 31.1 43.7 48.5 1,429.3 16.1

100.0 19.5 41.9 49.2 1,375.6 21.3

323 K 

0.1 255.5 215.0 320.0 262.6 92.1
0.2 215.1 174.9 237.5 249.7 84.1
0.3 179.0 133.5 161.8 237.0 67.0
0.6 144.2 108.5 121.0 217.2 47.6
1.0 114.5 85.3 96.4 199.1 37.5
1.8 89.9 65.0 76.4 180.1 31.6
3.2 63.1 49.9 59.9 163.6 26.5
5.6 44.7 41.2 47.6 148.5 24.7

10.0 33.2 31.2 34.4 135.3 24.7
17.8 27.4 20.6 21.6 120.8 26.1
31.6 26.0 14.9 15.0 107.1 27.0
56.2 22.2 13.7 12.7 97.4 30.1

100.0 22.3 12.7 12.6 91.8 33.4

Table 3—Emulsion viscosities for samples with salinity of 1,000 ppm and WOR of 7:3 after aging for

3 weeks.
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Fig. 9—Viscosity of emulsions at the DEA concentrations of 0.5, 2.0, 5.0, and 50 wt% at 298 and 323 K. For all emulsions, shear-
thinning behavior was observed. Viscosity values at different shear rates are presented in Table 3.
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Fig. 10—Viscosities of emulsions for samples with salinity of 1,000 ppm and WOR of 7:3 at three different shear rates:
(a) 1.0 seconds–1, (b) 5.6 seconds–1, and (c) 10.0 seconds–1. There are three types of fluids present: bitumen-rich oil-in-water emul-
sions at DEA concentrations of 0.5, 2.0, and 5.0 wt%; water-in-oil emulsions at 50 wt%; and single-phase mixture at 90 wt%.
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Fig. 11—Viscosity of the original bitumen at different shear rates at 323 and 353 K. Newtonian behavior was confirmed, where the
bitumen viscosity was nearly independent of shear rate. The bitumen viscosity is 9,040 cp at 323 K and 690 cp at 353 K.
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Conclusions

This research was concerned with the application of organic alkali as a steam additive to improve SAGD. The central question was
whether adding DEA as an organic alkali can form oil-in-water emulsions that are much less viscous than the original bitumen. This
research presented the fundamental data of phase behavior and viscosity for emulsions created by mixtures of Athabasca bitumen,
DEA, and NaCl brine.

The phase-behavior study included 104 samples with different DEA concentrations, brine salinities, and WORs at temperatures up
to 443 K. Viscosities and bitumen contents were measured for selected emulsion samples at 7:3 WOR and 1,000 ppm salinity at temper-
atures from 298 to 323 K. Our conclusions are the following.

1. It was possible to form oil-in-water emulsions by adding a small amount of DEA to bitumen and brine. Results showed that
bitumen-rich oil-in-water emulsions tend to be dominant at low DEA concentrations and low salinities. With increasing DEA
concentration, water-in-oil emulsion appeared. A single-phase solution (diluted bitumen) was observed at the DEA concentration
of 90 wt% in the aqueous solution. With increasing NaCl concentration, water-in-oil-emulsion behavior tended to dominate over
oil-in-water emulsion.

2. Within the conditions tested in this research, an optimal range of conditions in terms of the dominance of oil-in-water emulsion
was found at low DEA concentrations for salinities less than 1,000 ppm. At a WOR of 7:3, for example, a single phase of oil-in-
water emulsion was observed for 0.5, 1.0, 2.0, and 5.0 wt% DEA at zero salinity. The emulsion for 0.5 wt% DEA, 1,000 ppm
NaCl, and WOR of 7:3 was observed to be a single-phase oil-in-water emulsion for temperatures up to 403 K at 35 bar. Almost
all bitumen content (2.4 cm3) in the total 8-cm3 sample was measured from the bitumen-rich oil-in-water emulsion, the volume
of which was 3.3 to 3.4 cm3 at 0.5 to 5.0 wt% DEA at 298 K, and 3.6 to 4.2 cm3 at 0.5 to 5.0 wt% DEA at 323 K. That is, the oil
contents in these water-external emulsions were more than 70 vol% at 298 K and 57 vol% at 323 K.

3. The viscosities of these oil-in-water emulsions range between 85 and 115 cp at 1.0 seconds–1, and between 31 and 34 cp at
10.0 seconds–1 at 323 K. At 298 K, they range between 105 and 250 cp at 1.0 seconds–1 and between 48 and 74 cp at
10.0 seconds–1. Results show that compared with the original bitumen, bitumen-rich oil-in-water emulsions are less viscous by
three to four orders of magnitude at 298 K, and less viscous by two orders of magnitude at 323 K.
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